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ABSTRACT 

Excessive fractional flow of water can not only result to decrease in hydrocarbon production but 

also leads to economic and environmental impacts. A lot of factors could be the reasons for high 

water cut during hydrocarbon production and included amongst these factors rock and fluid 

interaction like surface tension, wettability, relative permeability, capillary pressure, and 

mobility ratio. 

New Techniques are being explored to tackle this challenge and older ones are being modified to 

yield better and more efficient results. Disproportionate Permeability Reducers are one of them. 

These polymers when applied to reservoir formation reduce the relative permeability of water 

without altering that of oil. For the application of the polymer to be widely used, understanding 

the way it works and being able to characterise its effect should be known. The effect of 

Disproportionate Permeability Reducers on water cut was petrophysically characterised using 

capillary pressure data.  

The relative permeability of gas and water, displacement pressure, and pore size distribution 

index was also obtained during this study using Brooks-Corey’s model and other methods. The 

results obtained agree with other research works and thus provide more knowledge and insight 

into the effect of disproportionate permeability reducers.  
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 CHAPTER ONE 

 

1.1 INTRODUCTION 

 

A newly drilled and completed well will produce oil by its naturally existing initial displacement 

energy (pressure difference between the formation and the wellbore). This initial stage of oil 

production is primary recovery stage and there are basically six major primary recovery 

mechanisms (Ahmed & McKinney, Advanced Reservior Engineering, 2005). Examples of 

primary recovery mechanism are water drive, gas cap drive, solution gas drive etc. As the well is 

made to produce continuously, there will come a time when this reservoir initial pressure 

becomes too low to produce oil efficiently. During the primary recovery phase, depending on the 

reservoir’s energy driving source, only 5% -15% of the oil initially in place may be ultimately 

produced  that is about 70% of the hydrocarbon will still be left locked up in the reservoir 

(Speight, 2009). 

In other to further produce the remaining economically proven quantity of oil, the reservoir 

pressure must be boosted and returned to its initial bottom hole pressure. The oil produced 

afterwards is called secondary recovered oil and the reservoir is said to be in its secondary stage 

of production. Examples of the secondary recovery mechanism include water and gas 

(hydrocarbon gas) flooding. With the secondary recovery method included, an additional 25% - 

35% of the initial oil in the reservoir can be further produced (Speight, 2009). Due to 

unfavourable relative permeability of water the displacement efficiency can be low. In other to 

be able to recover significant amount of oil during water flooding, immiscible gases, chemicals 

and polymers are added to the secondary recovery method to further enhance oil recovery, this 

stage of oil recovery is referred to as tertiary or Enhanced oil recovery method. This recovery 

phase has the ability to further produce approximately 20% - 30% of the oil contained in the 

reservoir. Thus with all three or two of the recovery mechanism combine during oil production, a 

total of approximately 70% of the initial reservoir oil can be ultimately produced (). 

The efficiency of the enhanced oil recovery methods greatly depends on the reservoir 

characteristics and the nature of the displacing and displaced fluids (Latil, 1980). These reservoir 
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characteristics include petro-physical properties like relative permeability, capillary pressure, 

wettability of the rock, degree of reservoir homogeneity etc. (Latil, 1980). In order to be able to 

reduce the negative effect of some of these reservoir properties like relative permeability, surface 

and interfacial tension of the reservoir fluids, to yield an excellent recovery of oil, engineers and 

scientist have been able to come up with some polymers called relative permeability modifiers or 

disproportionate permeability reducers ( Dalrymple, Eoff, Reddy, Botermans, Brown, & Brown, 

2000). These polymers help to give excellent sweep efficiency by either reacting with the 

reservoir rock or with the reservoir thus minimizing water production and maximizing oil 

production. An example of one of the disproportionate permeability reducer includes that 

discovered by Guy Chauveteau et al (2004) which they referred to as STARPOL. The concept 

used involves the injection of a non-toxic soft size controlled micro gels into the reservoir. The 

well-defined size in solution and other characteristics like non toxicity, internal deformability 

etc. of the soft perform micro gels made them suitable for reducing water permeability 

effectively (Chauveteau, Tabary, Blin, Renard, Rousseau, & Faber, 2004). 

 

1.2 OBJECTIVE 

The main objective of this project work is to petro-physically characterise the effect of these 

relative permeability reducer polymers on the fractional flow of the displacing fluid (water) as 

methods have already been used to determine the efficiency of these polymers in the petroleum 

industry. The following are the principal objectives of this project work: 

 Petrophysical characterization of reservoir core samples 

 Preparation of synthetic brine with the relative permeability reducer polymer 

 Measurement of capillary pressure using only synthetic brine 

 Measurement of capillary pressure using a mixture of synthetic brine and polymer 

 Fitting of capillary pressure data with model equations 

 Mathematical analyses of the effect of the polymer on core pore size distribution 

with the help of capillary model equations 

 Petrophysical interpretation of experimental results 
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CHAPTER TWO 

2.0 BACKGROUND 

The recovery of oil from hydrocarbon reservoirs occurs in three distinct stages and these will 

reflect the performance characteristics like the ultimate recovery factor, the pressure decline rate, 

the gas-oil ratio and water production (Ahmed T,). The following are the recovery stages of a 

hydrocarbon reservoir: 

 Primary Recovery stage 

 Secondary Recovery stage 

 Tertiary Recover stage 

 

2.1 PRIMARY RECOVERY PHASE 

In this stage oil is recovered at the surface by the reservoir natural drive energy. Statistically, 

primary recovery accounts for less than 25% of the original oil in place (Lyons, 2010). This 

natural drive source varies with producing mechanism and can be grouped into six types (Lyons, 

2010). They are: 

 Rock and Fluid expansion 

 Depletion drive 

 Gas cap drive 

 Water drive 

 Gravity drainage drive 

 Combinational drive 

2.1.1 Rock and Fluid Expansion  

A reservoir is initially subjected to overburden stresses caused by the weight of overlying 

formations. This compressive force is not only transmitted to the reservoir matrix but also to the 

fluid contained in the pore spaces of the rock. When a well is drilled and made to produce, the 

reservoir pressure is reduced; the rock (sand grains) within the pore spaces and fluid in the pore 

spaces will expand as a result of their own individual compressibility (Ahmed & McKinney, 

Advanced Reservior Engineering, 2005). The rock compressibility is a result of expansion from 
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individual rock grains and formation compaction (Ahmed & McKinney, Advanced Reservior 

Engineering, 2005). When this happens, the pressure exerted on the fluid in the pore spaces is 

reduced i.e. the fluid will expand. This expansion results in the reduction of the reservoir pore 

volume. The combined decrease in the reservoir pressure, the decrease in the pore volume and 

the expansion of the fluid in the pore spaces causes the forcing out of oil from the pore spaces 

towards the wellbore. This driving mechanism is considered the least efficient in oil reservoirs 

because rock and liquid are slightly compressible and thus pressure decline will be rapid (Ahmed 

& McKinney, Advanced Reservior Engineering, 2005). Only a small percentage of oil initially in 

place is thus produced. Equation 2.1-2.3 illustrates the mathematical aspects of the primary drive 

mechanism caused rock and fluid expansion. 

)(
1

p

v

v
C

g

g

g



           2.1 

ggg VpVC            2.2 

Assuming the reservoir pressure declines from 
ip to 

fp  

gifgg VppVC  )(           2.3 

Where;  

gC = compressibility of the rock grain 

gV = grain volume 

p = change in reservoir formation pressure from initial pressure 
ip  to final pressure 

fp  

From equation 2.3, it can be seen that a drop in reservoir pressure resulted to an increase in grain 

volume as the negative sign was ruled out by the negative drop in pressure (final pressure is less 

than the initial pressure). This can also be said for the fluid contained in the reservoir. The drive 

index or force capacity of the expansion drive mechanism is given in equation 2.4: 
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        2.4 

Where  

EDI = expansion drive index 

N = oil produced 

oiB = initial oil formation volume factor 

wc = water compressibility 

wis = initial water saturation 

tc = total fluid compressibility 

ip = initial reservoir pressure 

p = pressure of the reservoir at a particular time 

2.1.2 The Depletion Drive Mechanism 

This type of drive mechanism can be referred to as solution gas drive, dissolved gas drive or 

internal gas drive (Ahmed & McKinney, Advanced Reservior Engineering, 2005). A reservoir is 

said to be under saturated or saturated depending on its initial pressure compared to the bubble 

point pressure of the oil. If the reservoir initial pressure is greater than the bubble point pressure 

of the oil that reservoir is said to be under saturated and therefore will contain some dissolved 

gases in solution. If the initial pressure of the reservoir is below the bubble point pressure of the 

oil that reservoir is said to be saturated and will contain a gas cap. 

As the reservoir pressure declines during production, the pressure drops below the bubble point 

pressure of the fluid and gas is liberated from the oil. These gas bubbles expand, the pressure in 

the pore space is increased and oil is pushed out in the process into the wellbore. Statistically, the 

ultimate recovery from depletion drive varies from 5% to about 30% (Ahmed & McKinney, 

Advanced Reservior Engineering, 2005).Recovery from depletion drive reservoirs will depend 

on factors like geologic structure, reservoir pressure, gas solubility, fluid gravity, fluid viscosity, 
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relative permeability, presence of connate water, and pressure drawdown (Lyons, 2010).  

Equation 2.5 estimates depletion drive mechanism index while Figure 2.1 gives a visual 

representation of depletion drive mechanism: 

])([

)(

gsiptp

tit

BRRBN

BBN
DDI




         2.5 

,,,,,,,, gsipptit BRRNBBNDDI are depletion drive index, net oil produced, total formation volume 

factor, total initial formation volume factor, cumulative oil produced, cumulative gas oil ratio, 

initial solution gas-oil ratio and gas formation volume factor respectively. 

 

Figure 2.1: Depletion drive mechanism (Glover) 

2.1.3 Gas Cap Drive 

Here, the reservoir already contains a gas cap above the oil column. As oil is produced the gas 

will expand and exert pressure on the under laying oil column. This mechanism tends to force 

the oil to flow into the producing wellbore. The energy needed to produce the oil therefore 

comes from the expansion of the gas-cap gas and also from the expansion of the solution gas 

liberated from the oil (Ahmed & McKinney, Advanced Reservior Engineering, 2005). In 

comparison with depletion drive mechanism the estimated recovery of the gas cap drive ranges 
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from 20% to 40% (Ahmed & McKinney, Advanced Reservior Engineering, 2005). This high 

recovery is due to the fact that the reservoir does not experience gas saturation during production 

(Ahmed & McKinney, Advanced Reservior Engineering, 2005). The recovery of oil by this 

mechanism depends on the following factors: the size of the original gas cap, vertical 

permeability, oil viscosity, the degree of conservation of the gas, oil production rate and the 

angle of dip (Ahmed & McKinney, Advanced Reservior Engineering, 2005). In other to maintain 

the size of the gas cap and thus pressure in the process, gas produced can be sent back into the 

reservoir. Equation 2.6 gives the mathematical representation of this drive mechanism  

gsiptp

gi

gig

ti

BRRBN

B

BB
NmB

SDI
)([ 



          2.6 

Where, SDI = gas cap or segregation drive index, N = oil production,
pN = cumulative oil 

production,
tB = total formation volume factor,

pR =cumulative GOR,
siR = initial gas-oil ratio,

tiB

= initial total formation volume factor,
gB = gas formation volume factor and 

giB = initial gas 

formation volume factor. Figure 2.2 shows the gas cap drive mechanism. 

 

Figure 2.2: Gas cap drive mechanism (Glover) 

2.1.4 Water Drive Mechanism 

A reservoir may be surrounded by infinite water bearing rock formation (aquifer) which in turn 

may be bounded by impermeable rocks thus creating a closed system (Ahmed & McKinney, 

Advanced Reservior Engineering, 2005). This water may be located at the edge of the reservoir 

or at the bottom of the reservoir. The water in an aquifer is compressed (Willhite, 1986). During 
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oil production i.e. as oil is withdrawn from the pore spaces, the underlying water or edge water 

tends to move gradually (expand) into the pore spaces originally containing the oil when the 

pressure drop in the oil column is communicated to this aquifer. This phenomenon occurs in 

other to return the formation system to its original equilibrium state. The water displaces the 

remaining oil in the pore spaces and thus forces it into the producing wellbore. Pressure decline 

here is very slow because of the continuous replacement of the produced oil by the encroaching 

water almost volume by volume (Ahmed & McKinney, Advanced Reservior Engineering, 2005). 

The ultimate recovery is usually high and will depend on the factors like the efficiency of the 

displacing water, the reservoir heterogeneity and the degree of activity of the water drive 

(Ahmed & McKinney, Advanced Reservior Engineering, 2005). According to Paul Willhite G 

(1986), the ultimate recovery from the water drive mechanism will range from 70% to 80% of 

the initial oil in place. Equation 2.7 can be used to estimate the driving force of this drive 

mechanism. 

A

Bww
WDI

wpe 
           2.7 

gsiptp BRRBNA )([           2.8 

Where 

WDI =water drive index, 
ew = cumulative water influx, bbl, 

pw = cumulative water produced, 

STB and
wB = water formation volume factor, bbl/STB 

Figure 2.3 illustrates water drive mechanism: 

 

Figure 2.3: Water drive mechanism (Glover)  
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2.1.5 The Gravity Drainage Drive Mechanism 

A reservoir may contain gas, oil and water with each having different densities and these results 

in a natural separation of all the phases from each other. Naturally (as a result of gravitational 

forces), the denser fluid will settle at the bottom while the less dense fluid will settle at the top of 

the denser one. This gravitational force helps in the flow of oil into the wellbore as oil is less 

dense than water. If the gravity drainage of the reservoir is good, ultimate recovery is estimated 

to exceed 80% of the initial oil in place (Ahmed & McKinney, Advanced Reservior Engineering, 

2005). Certain factors may limit the recovery efficiency from a gravity drainage reservoir and 

they include: permeability in the direction of the dip, dip of the reservoir, the production rates, 

oil viscosity and the relative permeability characteristics. The gravity drainage drive will be most 

effective if the reservoir formation is position at a steep dip angle such that the gases liberated 

from the oil will be made to flow upward while the oil flows downward into the wellbore and 

also if the reservoir has a good vertical permeability, low oil viscosity, large gas cap and low oil 

residual saturation (Ezekwe, 2011). 

2.1.6 The Combination Drive Mechanism 

Here, it is a combination of drive mechanisms. Examples include depletion drive and a weak 

water drive or a combination of more primary drive mechanisms (Ahmed & McKinney, 

Advanced Reservior Engineering, 2005). Recovery from the combination drive is usually greater 

than recovery from depletion drive alone but less than recovery from water-drive or gas cap 

drive. In other to determine the magnitude of each driving mechanism so as to be able to 

determine its contribution to the ultimate recovery of oil (as it is made up of more than one drive 

mechanisms), the individual reservoir drive indices has to be known (Ahmed & Meehan, 

Advanced Reservoir Management and Engineering, 2012). Equation 2.9 can be used to estimate 

the combination drive indices with all driving mechanism contributing to the recovery of oil 

(Ahmed & Meehan, Advanced Reservoir Management and Engineering, 2012). The summation 

of all indices has to be equal to one since the total volume increase must be equal to the total 

voidage (Ahmed & Meehan, Advanced Reservoir Management and Engineering, 2012) 

1 GIIWIIEDIWDISDIDDI        2.9 
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Where DDI = depletion drive index, SDI = gas cap drive index, WDI = water drive index, EDI = 

expansion or rock and fluid drive index, WII = injected water index andGII = injected gas index. 

Combination drive mechanism is illustrated in figure 2.4: 

 

Figure 2.4: Combination drive mechanism (Glover) 

  

2.2 SECONDARY RECOVERY 

During the cause of oil production from the reservoir, the initial reservoir pressure declines. 

When the pressure becomes too low to further force the crude into the wellbore, a technique will 

be needed to supply the reservoir with extra displacement energy to help produce the remaining 

reservoir oil. This method applied to boast the reservoir pressure is referred to as the secondary 

recovery mechanism. Mostly, this method involves the injecting of water or hydrocarbon gases 

into the reservoir to take the place of the withdrawn oil and therefore maintain the reservoir 

pressure. The main aim of the secondary recovery is to supplement the reservoir decline pressure 

and to move the crude oil into the wellbore for maximum production (Speight, 2009). For this 

mechanism to be successful, the method by which the fluid displaces the oil and the volume of 

the reservoir the displacing fluid is able to contact must be taken into consideration. The 

secondary recovery efficiency could be limited by capillary effect. There are two types of 

secondary recovery method and they are: 

 Water flooding 

 Hydrocarbon gas flooding 
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2.2.1 Gas Flooding 

This involves the injection of hydrocarbon gases into the top of the reservoir to replace the 

volume of oil produced and also form a gas cap. With the gas cap, the reservoir pressure is 

maintained and pressure is applied to the oil below as the gas cap expands during oil production. 

This forces the oil to move into the wellbore. The gas could also be injected into the oil to 

displace the oil via miscible or immiscible displacement principle (Green & Willhite, 1998). The 

efficiency of this mechanism will also depend on the ability of the oil to freely move downwards 

by gravity (Speight, 2009).In this regard, gas flooding mechanism will yield ultimate recovery of 

oil if the reservoir has a high vertical permeability and high vertical span (Speight, 2009). The 

mathematical representation of gas flooding mechanism as regard its index is given in equation 

2.10 (Ahmed & Meehan, Advanced Reservoir Management and Engineering, 2012): 

gsiptp

ginjinj

BRRBN

BG
GII

)([ 
          2.10 

WhereGII = injected gas drive index,
injG = injected gas volume,

ginjB = injected gas formation 

volume factor,
pN = cumulative oil production,

tB = total formation volume factor,
pR =cumulative 

gas oil ratio,
siR = initial gas oil ratio and 

gB = gas formation volume factor 

2.2.2 Water Flooding 

This technique is similar to gas flooding but here, the fluid injected into the reservoir is water 

and the water is injected through the perforated interval of the injector to push the oil into the 

wellbore. This method is best used for reservoir with low vertical permeability and low gravity 

segregation (Speight, 2009).  Equation 2.11 gives waterflooding drive index; 

gsiptp

winjinj

BRRBN

BW
WII

)([ 
          2.11 

Where, WII = injected water drive index, 
injw = injected water volume, 

winjB = injected water 

formation volume factor of injected water, 
pN = cumulative oil production, 

tB = total formation 

volume factor, 
pR = cumulative gas oil ratio, 

siR = initial solution gas oil ratio and 
gB = gas 

formation volume factor 
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The success of the water flooding method also depends on the pattern by which the water is 

injected into the reservoir from the injection wells which in turn depends on the quantity(as each 

waterflooding pattern has its own flux efficiency) and location of accessible wells (Speight, 

2009). Below are the various types of water flooding patterns: 

 Four-spot pattern 

 Five-spot pattern 

 Seven-spot pattern 

 Nine-spot pattern 

 Inverted seven-spot pattern 

 Inverted nine-spot pattern 

 Direct line-drive pattern 

 Staggered line-drive pattern 

In the four-spot pattern, the distance between the three injection wells is constant with the 

production well is located at their center. This pattern is used when the injection rate is high or 

when the reservoir heterogeneity is low (Speight, 2009). The five-spot pattern consists of four 

injection wells and a production well. The distance between the injection wells are constant and 

the production well is located at their center thus forming a square shape around the producing 

well. In the seven-spot pattern, the six injector wells form a hexagonal shape around the 

production well. This flooding pattern is suitable when the rate of injecting water is low 

(Speight, 2009). 

The nine-spot pattern comprises of a total of nine well, eight injection wells and one production 

well located at the center. The injection wells are positions such that they form a square shape 

similar to the five-spot pattern but with three injector wells forming the surrounding columns and 

rows. For the inverted seven-spot pattern, we have one injector well located at the center of six 

surrounding production wells. This pattern of water flooding is suitable when dealing with a high 

rate of injection or minimal formation heterogeneity (Speight, 2009). Inverted nine-spot pattern 

is similar to the normal nine-spot but here, we have eight surrounding production wells and one 

injection well positioned at the center. Figure 2.5, shows the different waterflooding flow 

patterns 
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Figure 2.5: Waterflooding patterns (Ahmed, Reservoir Engineering Handbook, 2001) 

  

2.3 TERTIARY RECOVERY  

This is also known as Enhanced Oil Recovery (EOR). This mechanism involves the injection of 

chemicals, gases, or steam to interact with the rock or oil system so as to create conditions 

favourable to further recover residual oil. This interaction could be by lowering the interfacial 

tension (IFT), oil swelling by carbon dioxide or nitrogen miscible flooding, oil viscosity 

reduction, wettability modification or favourable behaviours (Willhite, 1986).  Enhance recovery 

could involve the combination of water and polymer application to yield a better sweep 

efficiency. Water viscosity is higher than that of oil and thus during flooding, there is the 

tendency for the injected water to override the oil. To achieve maximum recovery, the mobility 

ratio must be decrease (less than one). Polymer when added to the water, will result in increasing 

the water viscosity (thicken water) and thus reducing the mobility ratio. Equation 2.12 gives the 

mathematical representation of how increasing water viscosity will reduce mobility ratio (Lyons, 

2010). 

i

i
i

kK


             2.12 

Where 

i = mobility of a fluid i  
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iK = relative permeability of fluid i  

k = absolute permeability 

i = viscosity of fluid  

Therefore water and oil mobility is given as: 

   
    

  
           2.13 

   
    

  
           2.14 

Mobility ratio M  which is the ratio of water mobility to that of oil is given by: 

ro

rw

w

o

K
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           2.15 

rorwwo KK ,,, are oil viscosity, water viscosity, water relative permeability, and oil relative 

permeability respectively. 

From the mobility ratio equation in equation 2.15,  it can be seen that water viscosity is inversely 

proportional to the mobility ratio thus increasing the viscosity of water will result in decreasing 

of the mobility ration which in turn gives a better sweep efficiency. 

As water is continuously injected into the rock formation and wetting phase saturation is 

increased, the oil will continually be displaced until oil phase becomes discontinuous throughout 

the rock. When this occurs, capillary equilibrium has been reached and apparent capillary 

pressure will be equal to zero (Willhite, 1986). Thus oil production will cease whereas water is 

maximally produced. Other reasons for enhance oil recovery include 

 During waterflooding, there is the tendency of water to flow faster than oil (viscosity 

difference) thus by-passing some pocket of oil and resulting to oil in water emulsion. 

Chemicals like polymers to reduce water mobility are applied. 

 Enhanced oil recovery is also important so as to produced residual oil from the 

reservoir rock which was left in the reservoir pore spaces as a result of capillary 
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forces which results in microscopic trapping of oil in the rock pores. Surfactants are 

added to injected water 

 The objective of EOR is to change a rock wettability to favour displacement usually 

from oil wet to water wet for better overall recovery and decrease the producing 

water/oil ratio (Donaldson & Alam, 2008). 

The various methods of tertiary recovery are as follows 

 Thermal flooding 

 Gas flooding (nitrogen gas, CO2, propane gas etc.) 

 Chemical flooding (Polymer and surfactant) 

The efficiency of an enhanced recovery method depends on the following factors (Latil, 1980) 

 The reservoir characteristics which are the reservoir depth (this will put a restrain on the 

injection pressure for a shallow reservoir as the fraction pressure gradient will be low and 

thus reducing the injection pressure which has to be less than the fraction pressure), 

reservoir dip, degree of homogeneity and Petrophysical properties like capillary pressure, 

wettability, relative permeability, interfacial tension etc.  

 The nature of the displacing and displace fluid. The viscosity which is a measure of fluid 

flow in a porous media is one of the principal fluid properties that would affect the 

efficiency of an enhanced oil recovery (Latil, 1980). 

Polymer flooding is a kind of EOR that increases the oil recovery from a producing well by 

adding viscosity to the displacing water so as to decrease the water-oil mobility ratio. Polymer 

flooding is used under conditions that lower the normal efficiency of water flooding like 

wettability, disproportionate permeability of the reservoir and fractures/high permeability 

formations. Polymer gels are used to either shut off high permeable zone or to reduce the relative 

permeability of water. For better function of the polymer gel, it should be a non-Newtonian and 

shear thinning fluid i.e. the viscosity of the fluid decreases with increasing shear rate. There are 

three ways in which polymers makes EOR more efficient are 

 Effect of polymer on fractional flow 

 Decreasing water oil mobility ratio 
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 Diverting injected water from zones that have been swept 

The further understand the effect of reservoir characteristics and the nature of the displacing and 

displaced fluids on the recovery efficiency of EOR the frontal displacement theory using 

waterflooding and other flow properties will be discussed. 

2.4 FLOWS IN A POROUS MEDIA 

Reservoir fluids in relation to their thermal compressibility can be grouped into three types and 

they are; incompressible, slightly compressible and compressible fluids (Ahmed & McKinney, 

Advanced Reservior Engineering, 2005). Water and crude oil can be said to be slightly 

compressible as they exhibit small changes in volume with a corresponding change in pressure. 

These changes are usually small and thus can be negligible. Hydrocarbon reservoirs with oil and 

water will be considered to undergo a two phase flowing pattern. Fluid movement in porous 

media is governed by Darcy’s law and it states that the velocity of a homogeneous fluid in a 

porous medium is proportional to the pressure gradient and inversely proportional to the fluid 

viscosity (Ahmed & McKinney, Advanced Reservior Engineering, 2005). Mathematically for a 

radial flow, Darcy’s law is represented by equation 2.16 (Ahmed & McKinney, Advanced 

Reservior Engineering, 2005): 

T
r

pk

A

q
V )(







          2.16 

r

p
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,,,,,  are apparent velocity, volumetric flow rate, cross-sectional area, permeability, 

viscosity and pressure gradient respectively. 

Darcy’s law applies to flows that are laminar (viscous), fluids that are incompressible, flows that 

are steady and homogeneous formation (Ahmed & McKinney, Advanced Reservior Engineering, 

2005). For fluid to flow from the reservoir into the wellbore there must be some pressure 

gradient that is the reservoir pressure must be greater than the wellbore bottomhole pressure. 

Practically, measurements are made in field units therefore expressing Darcy’s law in field units  
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we have 
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rhA 2            2.18 

But crude oil flow rate is expressed in surface unit (STB) (Ahmed & McKinney, Advanced 

Reservior Engineering, 2005) therefore 

ooQBq             2.19 

Where 
oQ  = oil flow in STB/D   

Inserting equation 4.3 and 4.4 into equation 4.2 we have flow rate in STB/D to be equal to 
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Integrating both sides of the above equation between radii 
1r  and

2r  at 
1p  and

2p , we have 
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Considering oil to be incompressible and flow is steady. Therefore the above equation becomes:  
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Making 
oQ  the subject of the equation and taking the radii of interest to be 

er and
wr , we have 
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Where, ,oQ = oil flow rate, STB/D,
ep  = external pressure, psi, 

wfp = bottom hole flowing 

pressure, psi, 
ok = oil permeability, md, 

o = oil viscosity, cp, 
oB = oil formation volume factor, 

bbl/STB, h = thickness, ft, 
er = external drainage radius, ft and 

wr = wellbore radius, ft 

With knowledge of the rate at which oil is being produce, the volume of water to be injected to 

either maintain reservoir pressure or re-pressurize the reservoir system can be estimated. Also 

from equation 2.24, it can be deduced that the rate of flow is inversely proportional to the fluid’s 

viscosity but directly proportional to permeability of flow in the porous media. Reducing oil 

viscosity will increase its flow rate and thus increase oil production. 

Viscosity can be referred to as the dragging force caused by the interactive forces in adjacent 

layers of fluid. The further the distance between fluids layers, the less viscous will be the fluid 

because the interaction between the layers will be reduced (Donnez, 2007).  

For flow to exist in porous media there must be a dynamic equilibrium between the viscous 

shearing resistance and the driving force but the porous media contain an enormous internal 

surface area which results in increasing the viscous resistance reaction. This makes the viscous 

resistance reaction greater than the inertia and acceleration forces (Donnez, 2007).  

According to Don W. Green and Paul G. Willhite (1998), viscous forces in a porous medium are 

reflected in the magnitude of pressure drop during the flow of fluid through the medium. With 

the assumption that a porous medium can be considered as a bundle of parallel capillary tubes, 

the pressure drop can be mathematically represented by Poiseuille’s law in equation 2.25 (Green 

& Willhite, 1998): 

cgr

vL
P

2

8
            2.25 

cgrvLP ,,,, are pressure drop, 1bf/ft2, viscosity, 1bm/ft-sec, length of capillary tube, ft, 

average velocity in the capillary tube, ft/sec, capillary tube radius, ft, and conversion factor 

respectively. 

The viscous force can also be expressed in Darcy’s law and the relationship between the 

permeability and the radius of capillary tube assuming they are of equal size capillaries can be 
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mathematically represented. Equations 2.26-2.27 are the mathematical representations (Green & 

Willhite, 1998): 

))(158.0(
k
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           2.26 

261020 dk            2.27 

dkvLP ,,,,,  are pressure drop, psi, viscosity, cp, length of capillary tube, ft, average velocity 

in the capillary tube, ft/D, effective porosity, permeability of the bundle of capillary tubes, D, 

and capillary tube diameter, ft respectively. 

Waterflooding which is an immiscible displacement mechanism is aimed at enhancing the 

mobility of oil by pushing the oil forward. Water viscosity is less than that of oil. Therefore for 

water to be able to displace viscous oil, its viscosity has to be enhanced to avoid viscous 

fingering. 

2.4.1 Mobility and Mobility Ratio 

Mobility is the ratio of the permeability of a fluid to its viscosity for monophasic flow in the 

porous medium. Mathematically, it can be represented as shown in equation 2.28 (Lyons, 2010):  




K
            2.28 

K is effective permeability           

For multiphase flow in porous media it is define as: 

i

i
i
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             2.29 

iii Kk  ,,, are mobility of a phase fluid, relative permeability of a phase fluid, absolute 

permeability and dynamic viscosity of a phase respectively. i denotes oil or water    

Mobility ratio is the ratio of the mobility of a displacing fluid (water) to that of the displaced 

fluid (oil). Mathematically, it is represented as (Lyons, 2010):      
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o Refer to the mobility of oil ahead of the front while 
w  is the mobility of water at average 

saturation. Therefore mobility ratio can be written as that shown in equation 2.31 
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During Waterflooding, the areal sweep efficiency decreases as the mobility ratio M increases 

(Latil, 1980). It was stated that the mobility ratio will remain constant before breakthrough and it 

will increase after breakthrough resulting to increase in saturation and relative permeability to 

water (Speight, 2009). High mobility ratio could lead to viscous fingering (results in significant 

amounts of by passed hydrocarbon reserves). Statistically, 1M  result to a favourable 

displacement of oil (oil moves faster than water) but if 1M  it means that water moves faster 

than oil. This results to unfavourable displacement of oil by water. For 1M  both oil and water 

are moving at the same or equal velocity. 

To further enhance mobility of oil, more production wells can be installed compared to injection 

wells. This technique will help in reducing the injection rate, less volume of water is injected and 

oil production increased. 

2.4.2 Fluid Distribution in Porous Media 

This deals with the locations of the different phase of fluid contained in the pore spaces of the 

rock. With the knowledge of the distribution of each phase in the pore spaces, the rate of flow of 

each phase and oil recovery efficiency can be managed (Willhite, 1986). This is because these 

properties (flow rate, saturation etc.) are influenced by the location of fluid phase in the porous 

media (Willhite, 1986).The fluid distribution in a porous media cannot be directly measured but 

it can be speculated or inferred using the replicas of fluid distribution which was based on 

wood’s metal replicas of fluid distributions in sandstone and carbonate rocks and interpretation 

of capillary pressure data (Willhite, 1986).The molten wood’s metals acted as the non-wetting 

phase while the gas (air) remaining acted as a strong wetting phase. This method provided 

insight into fluid distribution under strong wetting conditions and involves the combination of SEM 

with replicas of the fluid phase at specific saturation (Willhite, 1986). Fig 2.6 shows the SEM 
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photomicrography of the molten wooden metal at different saturations in the sandstone formation 

(Willhite, 1986) 

 
Figure 2.6:  SEM photomicrography at 22%, 36%, 52% and 72% saturation of molten wood 

metal (Willhite, 1986) 

  

At 22% saturation, the shape of the molten wood metal (white colors) where seen rounded but as 

the saturation increased, the shapes of the replica fluid become angular. From this it was deduce 
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that as the saturation increases, smaller pore in the rock are penetrated that is at initial saturation 

(22%) the bigger pore where first saturated. This confirmed that the wetting phase (air) was 

occupying the smaller pores. Tarek Ahmed (2001) also said the wetting phase occupies the 

smaller pores in the rock as a result of the attractive forces between the fluid and the walls of the 

rock. 

According to Paul G Willhite (1986), the sharpness of the interfaces from the SEM microscopic 

photograph signified reduction in the radius of curvature. In other to validate his findings, 

capillary pressure data for a known wetting condition was obtained as there is a relationship 

between capillary pressure of a fluid and its pore radius(the capillary pressure increases as the 

radius of curvature decreases) (Willhite, 1986). Thus a change in capillary pressure can be used 

to observe changes in the interfacial radius curvature with saturation (Willhite, 1986). Paul G. 

Willhite (1986) used Mercury for the capillary pressure measurement as it has the same wetting 

property with the molten wood metal. Fig 2.7 shows the comparison between saturation history 

of mercury and that of SEM (Scanning Electron Microscopy) photographs of wood’s metal 

replicas while Fig 2.8 explains the movement of mercury in the porous medium (Willhite, 1986). 

 
Figure 2.7: showing the comparison of the capillary pressure data of mercury with the wooden 

metal saturation (Willhite, 1986) 
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Figure 2.8: showing the shape of mercury penetrating into the pores (Willhite, 1986) 

  

With this, an indirect measurement of fluid distributions as well as the size and shape of the 

smallest pore and crevice was established. Therefore with the capillary pressure curve, fluid 

distribution, saturation, wettability and connectedness in a porous rock can be measured. 

Microscopic sweep efficiency during waterflooding can be referred to as the fraction of original 

oil in the invaded zone that can be produced. With the knowledge of how the fluids phases are 

distributed in the pore spaces, residual oil in the microscopic pores of the rock can be produced 

effectively. 

2.5 ROCK AND FLUID INTERACTIONS 

Hydrocarbon reservoir contains immiscible fluids which interact with the rock during flow.  This 

interaction alters the ability of a reservoir rock to transmit fluid effectively. Two fluids are said 

to be immiscible if after their mixture has been energetically stirred and left to attain equilibrium 

state, still will possess a visible interface separating one phase from the other. Water and oil are 

considered immiscible and are in constant interaction with the reservoir rock. There are some 

fundamental principles governing fluid and rock interactions (Willhite, 1986). They are: 

 Interfacial tension 

 Wettability 

 Capillary pressure 

 Relative permeability 
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2.5.1 Interfacial Tension 

In a multiphase system, there exist some attractive forces acting between molecules of the 

individual fluid phases (as shown in Fig 2.9). Molecules are attracted one to another in 

proportion to the product of their masses and inversely as the square of the distance between 

them (Ahmed, Reservoir Engineering Handbook, 2001). If the attractive forces acting between 

molecules of fluid “A” is greater than that acting between that of fluid “B” in the same mixture, 

there will tend to be a thin phase boundary that will be created between this two fluids as a result 

of unbalanced forces. This is referred to as interfacial tension between the two phases. The 

interfacial tension can also be defined as the energy needed to increase the area of the interface 

by one unit (Willhite, 1986). When a liquid is exposed, the molecules at the liquid surface are 

acted upon by unequal forces (forces from the gas phase above it and forces from its own liquid 

molecule below). There is a net cohesive force that intends to drag this molecule into the bulk of 

liquid while an upward force acts on it also. This makes the liquid surface act like a stretched 

membrane (tensile force) (Green & Willhite, 1998). The force per unit length required to create 

additional surface of the liquid is termed surface tension. The surface tension usually used when 

the surface is between a fluid and its vapor or air. It is referred to as the interfacial tension when 

the surface is between a two liquids or between a solid and a liquid (Green & Willhite, 1998). 

 

Figure 2.9: showing the interactive forces of molecules in a fluid with its vapour or air (Ahmed, 

Reservoir Engineering Handbook, 2001) 

  

Surface tension can be mathematically represented by equation 2.32 (Ahmed, Reservoir 

Engineering Handbook, 2001): 
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owow hgr  ,,,,, are interfacial tension between oil and water, radius, acceleration due to gravity, 

height to which the fluid is held, density of water and density of oil respectively. 

 

The surface tension of brine (formation water) is affected by the degree of salt in it (Argaud, 

1992). This is because the cations from the salt adsorbs negatively at the interface making the 

water molecules at the interface feel more of the cation solvation towards the entire water phase. 

As the ratio of cation charge to surface area increases, the attractive force increases too. This 

results to an increase in the surface area (Argaud, 1992). Figure 2.10 – 2.11shows the graphs of 

the surface tension of brines made up of different salt type showing the effect of the number of 

cations in the salt to the surface tension. 

 
Figure 2.10: showing the surface tension of NaCl and KCl (Argaud, 1992) 
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Figure 2.11: showing the surface tension of MgCl2 and CaCl2 (Argaud, 1992) 

  

 

The interfacial tension can be determined experimentally using the Ring Tensiometer. The 

interfacial tension is then calculated by dividing the force required to snap off the ring formed by 

the circumference of the ring (Willhite, 1986). The interfacial tension between two fluids is a 

measure of their miscibility (Willhite, 1986). 

 

2.5.2 Wettability 

The fluid contained in the pore spaces of a hydrocarbon reservoir interacts with the rock 

surfaces. This influences the pattern in which fluid flow and is distributed in the rocks (Willhite, 

1986). A solid surface when contacted by two immiscible fluids can be more attracted to one 

more than the other. When this occurs, the fluid more attracted to the solid surface is considered 

the wetting phase while that which is not attracted to the surface of that solid is called the 

nonwetting phase. Wettability can thus be defined as the ability of a fluid to spread on a solid 

surface in the presence of another fluid or it is the tendency of either the water phase or the oil 

phase to significantly maintain contact with the rock surface in a multiphase system or it is the 

tendency for one fluid to wet the surface of the porous medium in the presence of another fluid 

(Donaldson & Alam, 2008) (Green & Willhite, 1998). With this, the wettability of a rock affects 
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the nature of fluid saturation and relative permeability (Green & Willhite, 1998) (Anderson, 

1987). 

 

Rock wettability is classified into two and they are uniform or homogeneous and non-uniform or 

heterogeneous wettability (Ezekwe, 2011).In uniform rock wettability, the entire rock is said to 

have the same kind of wettability in all directions i.e., the whole rock is either water-wet or oil 

wet. The reverse is the case with the non-uniform rock wettability. A particular zone in the rock 

could be water wet while the other zones are oil wet. This wettability type can also be referred to 

as mixed or fractional or speckled wetting (Ezekwe, 2011).The distribution of fluid in the porous 

media is a function of wettability because the wetting phase will occupy the smaller pores of the 

rock while the non-wetting phase occupies the open channels. Thus the location of a fluid phase 

within the pores structure depends on the wettability of that phase (Green & Willhite, 1998). 

 

Donaldson and Alam (2008) recognizes four states of wettability and they are water wet, 

fractional wettability, mixed wettability and oil wet. In a water wet, 50% of its surface is wetted 

by water and this water occupies the smaller pores of the rock. Water exists as a continuous 

phase while the nonwetting phase is discontinuous, occupies the larger pores and is surrounded 

by water. Oil wet rocks are those easily wetted by oil i.e. oil (wetting phase) occupies the smaller 

pore while the nonwetting phase occupies the larger pores. Oil wet rock initially saturated with 

water and then place in contact with oil will experience spontaneous imbibition of oil into the 

rock and displaces the water. 

Consider a drop of water on the surface of a solid and in the presences of oil. The water will 

continue to spread on the surface until an equilibrium force is attained (capillary pressure is 

equal to zero). With this it can be said that rock wettability affects the saturation distribution and 

relative permeability characteristics of a rock system (Green & Willhite, 1998). It also affects the 

microscopic sweep efficiency, the amount and distribution of residual oil saturation and 

characteristic of capillary pressure curve (Donaldson & Alam, 2008). 

 

In other to be able to measure the degree fluids will extent on a solid, the contact angle existing 

between the solid surface and the fluid is used (Lyons, 2010). A contact angle of zero indicates 

complete wetting by the more dense phase (Water-wet system), an angle of 180
0
 indicates 
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complete wetting of the less dense phase (oil-wet system) and an angle of 90
0
 means that neither 

fluid preferentially wets the solid (intermediate wettability) (Lyons, 2010) (Willhite, 1986). The 

wettability characteristic of a fluid is inversely proportional to its contact angle (Ahmed, 

Reservoir Engineering Handbook, 2001). Fig 2.12 is a diagram illustrating wettability 

characteristic of a fluid on a solid surface. 

 

 

Figure 2.12: showing the contact angles of a fluid in contact with a solid (Ahmed, Reservoir 

Engineering Handbook, 2001) 

  

 

The wettability of a reservoir rock is affected by the presence or absence of molecules in the 

hydrocarbon that absorb or deposit on the mineral surface in the rock (Willhite, 1986).  Fig 2.13 

shows different wetting types.  

 

Figure 2.13: showing the effect of wettability on the saturation distribution of a rock 

   

2.5.3 Capillary Pressure 

The attractive force induced by a wetting phase on the surface of a solid it’s in contact with is 

extended over the entire interface (tension) (Willhite, 1986). This tension results to pressure 

differences between the two immiscible fluid phases across the interface (Willhite, 1986). This 

pressure difference is called capillary pressure. Capillary pressure can thus be defined as the 

difference between the nonwetting phase pressure and the wetting phase pressure. It is 
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mathematically defined as that shown in equation 2.33 (Ahmed, Reservoir Engineering 

Handbook, 2001): 

wnwc PPP             2.33 

Where 

nwP = pressure of the nonwetting phase 

wP = pressure of the wetting phase 

There are three types of capillary pressure and they are 

 Water-oil capillary pressure 

 Gas-water capillary pressure 

 Gas-oil capillary pressure 

Practically, capillary pressure can be mathematically written as equation 2.34 (Ahmed, Reservoir 

Engineering Handbook, 2001): 
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Where, 

.,,hpc are capillary pressure (psi), capillary rise in (ft) and density difference respectively 

(1b/ft
3
). 

Capillary pressure can also be represented mathematically in terms of the surface and interfacial 

tension as shown in equation 2.35 and 2.36: 

r
P ow

c

)(cos2 
           2.35 

)(

)(cos2

ow

ow

rg
h

 



          2.36 

Where 

cP  Capillary pressure, gm/cm
3
, ow Oil-water surface tension, dynes/cm, r = capillary radius, 

cm,  = contact angle, h = capillary rise, cm, g = acceleration due to gravity, cm/sec
2 

 

Reservoir rocks comprise of porous medium with different pore sizes. The pores structure has 

been model in two broad categories. They are the models that consist of arrays of mostly 

spherical particles and models that consist of arrays of capillary tubes (bundles of capillary 

tubes) (Dullien, 1992). The bundles of capillary tubes are the common ones being used. The 
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Pores are represented by parallel capillary tubes of different diameter but of the same length in 

that the pore diameter in a reservoir is small.  The drainage capillary pressure curve can be 

interpreted in terms of this model by assuming that the threshold capillary pressure of penetration 

of the nonwetting phase, penetrated and filled the largest capillary first and as capillary pressures 

increases, the smaller tube become filled (Dullien, 1992). 

 

Capillary pressure existing between two immiscible phase is a function of the interfacial 

tensions, wettability,  and the average size of the capillaries which in turn determine the nature of 

curvature of the fluid in the capillary. From the above equations, capillary pressure varies 

inversely with the capillary radius and directly with the wettability of the rock. The phase with 

the least pressure will be that which will strongly wet the walls of the capillary (Green & 

Willhite, 1998). Fig 2.14 shows capillary rise as a function of wettability. 

 

 

Figure2.14: showing capillary rise, its contact angle with the solid surface and the curvature 

shape (Tiab & Donaldson, 2012) 

  

2.5.3.1 Capillary Pressure Measurement 

There are various method used to measure capillary pressure. These methods include: 

 Semi permeable disk measurement 

 Measurement by mercury injection 

 Centrifuge measurement 

 

i. Semi Permeable Disk Measurement 

A core is first saturated (100%) with brine solution and placed on an equally saturated 

porous disk in the core chamber. The non-wetting phase is then injected into the chamber 

at a specific pressure. The volume of water displaced is monitored until it reaches a static 
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equilibrium where that applied pressure can no longer displace more liquids from the 

core. The pressure and the water displaced are recorded while the saturation of the core is 

calculated. The pressure is then increased and the water displace at that pressure is 

record. This process is continued until all water has been displaced from the core. 

Capillary pressure can then be plotted as a function of water saturation. The major 

shortcomings of this method are that a very long length of time (weeks) will be required 

for accurate saturation displacement equilibrium to be reached and the maximum 

desaturation pressure that can be applied depends on the permeable disk which is usually 

very low (200 psi) in other to obtain a distinct curve (Purcell, 1949) 

 

ii. Measurement of Capillary Pressure by Mercury Injection 

This method is simple and rapid to conduct but has two major shortcomings which 

include not been able to reuse the core for another experiment after mercury has been 

injected and mercury vapor is toxic. The processes involve in measuring capillary 

pressure here is similar to the porous disk method but the non-wetting fluid used is 

mercury. The incremental volume of mercury injected and the pressure needed to inject 

these volumes are recorded.  

 

To account for heterogeneity of a rock, Levereth proposed a J function correlation that 

takes care of permeability and porosity of the rock provided the pore geometry does not 

change (Tiab & Donaldson, 2012). The J function equation is written as (Tiab & 

Donaldson, 2012). 
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The mercury capillary pressure data needs to be normalized using the J function equation 

so as to represent water-oil or water-air system (Tiab & Donaldson, 2012). Equation 2.38 

is thus used in normalizing the data is given by (Tiab & Donaldson, 2012): 

2

1

))(
cos

(
0cos0cos 

kPPP

Hg

cHg

aw

acw

ow

ocw 







      2.38 

The capillary pressure curve is then obtained by plotting the volumes of mercury injected 

(saturation) against the normalized estimated capillary pressure. 
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iii. Centrifuge Measurement of Capillary Pressure 

Here the fluid in the core is displaced by centrifugal force and the displaced fluid is 

collected in a graduated tube. At each incremental speed (revolution per minute), the 

corresponding fluid displaced is recorded. The process is allowed to continue until no 

more fluid can be displaced at a maximum speed. The capillary pressure at any position 

in the core is equal to hydrostatic pressure difference (developed by the centrifugal force) 

between the phases (Tiab & Donaldson, 2012). Its major advantage is that it arrives at 

saturation equilibrium at a short time but the calculations are tedious (Purcell, 1949). The 

equation is given as: 

hrNPc

25101179.1           2.39 

cPrNh ,,, are the height in the core, number of revolutions per minute, radius of rotation 

and capillary pressure (
3/ cmgf ) respectively. 

 

Figure 2.15: Capillary pressure curve (Basic Flow Relations in Reservoir) 

  

From fig 2.15, the capillary drainage curve exhibit a threshold or displacement pressure which is 

said to be related to the size of the larger pores in the rock (Green & Willhite, 1998). Consider a 
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strongly water wet rock saturated with water. For oil to be able to displace water in the rock the 

pressure in which the oil is injected into the rock must be greater than the threshold pressure but 

if the rock was initially saturated with oil and then placed in contact with water, water will 

spontaneously imbibe into the rock at a reduced pressure.  

 

Capillary drainage also called desaturation can be defined as the process of displacing the 

wetting phase by a non-wetting phase.  The drainage capillary pressure data indicate different 

radii of curvature at the interface as well as more connectivity of the nonwetting phase in the 

pore spaces (Willhite, 1986). Imbibition (or resaturation) is the process of displacing the 

nonwetting phase with a wetting phase. Examples of drainage processes are gas injection in an 

oil wet or water wet reservoir, water flooding in an oil wet reservoir, hydrocarbon displacing the 

original water in the pore spaces during initial hydrocarbon deposition etc. Accumulation of oil 

in an oil wet reservoir is an example of imbibition processes. Therefore, Capillary pressure curve 

is a measure of fluid distribution, saturation, wettability, and connectedness in a porous medium 

(Willhite, 1986). 

 

2.5.4 Relative Permeability 

It is the ratio of a fluids effective permeability to its absolute permeability of the porous medium 

in a multiphase system. Absolute permeability of a porous medium is the ease with which a fluid 

will flow through it when saturated with that same fluid (Donaldson & Alam, 2008). Absolute 

permeability is not a function of the fluid’s property or the rock’s wettability (Anderson, 1987). 

It is a function of the grain sizes and connectedness. The wettability of a rock has effect on the 

rock’s relative permeability because the wettability is a factor that controls the location, the 

saturation history and fluid distribution in a rock (Anderson, 1987). The relative permeability of 

a fluid is said to be higher when it is the non-wetting phase because the non-wetting phase 

(normally located at the center of the pores) will have more area for flow as compared to the 

wetting phase( located at the smaller pore spaces with less permeability) (Anderson, 1987). That 

is for a water wet rock, the relative permeability of oil will be higher than that of water. 

 

One of the most important factors that affect oil recovery in an immiscible displacement process 

is the magnitude of the relative permeability of the displacing fluid with respect to the displaced 

fluids as permeability and relative permeability data determines flow of fluids in the reservoir 
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(Ezekwe, 2011). Mathematically, the relative permeability can be defined as (Ahmed, Reservoir 

Engineering Handbook, 2001): 

k

k
k o

ro             2.40

kko ,  are effective and absolute permeability respectively. 

Brook and Corey proposed a new approach which can be used to estimate the relative 

permeability from drainage capillary pressure data by introducing two parameters to modify 

Burdine’s model. The parameters introduced were the pore size distribution index,  and the 

effective saturation eS . Plotting a graph of log Pc against log Se, the parameter  can be 

determined. The generalized equation of Brooks and Corey’s model for calculating relative 

permeability is: 
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rnwrw KK , are wetting and non-wetting  phase relative permeability respectively. 

The relative permeability in a water wet and oil wet system has been measure by researcher and 

they observed that for a strongly water wet system, the crossover point occurs at about 65% pore 

volume (Anderson, 1987). Craig (1971) came out with a rule of thumb which states that the 

water saturation at which the water and oil relative permeability are equal is greater than 50% in 

a strongly water-wet core and less than 50% in a strongly oil-wet one (Anderson, 1987). Fig 2.16 

and 2.17 shows the relative permeability for a water-wet and oil-wet system. 
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Figure 2.16: Relative Permeability for a strong water wet system (Anderson, 1987) 

 

 

 
Figure 2.17: Relative Permeability for a strong oil wet system (Anderson, 1987) 

 

The measure of relative permeability curve and its crossover point can be affected by the pore 

geometry (Anderson, 1987). 
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2.6 PORE SIZE DISTRIBUTIONS 

The arrangement of pore sizes in a porous media has effects in the flow and transportation of 

fluids through their pore throat. Bloomfield J.P with his group of researchers carried out a study 

aimed at describing the variability of pore size distribution in consolidated sandstone aquifer. 

Citing the Carman-Kozeny Model by Dullien (1979), Bloomfield et al in his work, said that 

hydraulic conductivity scales with square diameter of the capillaries therefore changes in the 

diameter will result to changes in the conductivity. Also citing Schwille (1988), Bloomfield et al 

in his experiment to determine the pore size distribution in a porous media using Mercury 

Injection Capillary Pressure Test (MICP), wrote that the movement of hydrocarbon in a porous 

media is also a function of the way the pore throat sizes are distributed.  Bloomfield et al in his 

work citing Pankow and Cherry (1996) (dense chlorinated solvents and other DNAPLs in 

groundwater) wrote that the head required to push a non-wetting phase through a pore scales as a 

function of the inverse of the radius of the pore throat. Therefore small heads are required to 

drive immiscible fluids into the matrix of sandstone formation with large effective pore throat 

sizes. 

 

The MICP test was carried out based on the phenomena that a non-wetting fluid will not invade a 

pore throat unless the fluid exceeds a critical pressure and that the size of the pore throat or 

capillary that is invaded is inversely proportional to the capillary pressure, 
cp (Bloomfield et al, 

2001). As pressure is increased, small pore throat will be invaded by the non-wetting phase. The 

non-wetting phase used was mercury. The equivalent pore throat radius, D calculated at each 

pressure step is given by the Washburn equation and it is as follows 

cp

w
D

)cos4(  
           2.43 

 ,,, cpw are Washburn constant(taken as 0.145), contact angle, capillary pressure and 

interfacial tension (taken to be 485dyne/cm) respectively. The graph in fig 2.18 is a plot of the 

non-wetting phase saturation (cumulative volume of intrude mercury) against capillary pressure 

(or equivalent pore throat size) 
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Figure 2.18: graph of non-wetting phase saturation versus capillary pressure (Bloomfield et al, 

2001) 

Results obtained from the test had a maximum working pressure of MPa414 which was 

equivalent to a pore throat size of about 0.003 m . The entry pressure was defined as the 

pressure needed to invade the largest pores on the exterior of the sample. The breakthrough, 

displacement or threshold pressure is the pressure that corresponds to the formation of a 

continuum (series) of a non-wetting phase through the porous network. Bloomfield et al citing 

Katz and Thompson (1986, 1987) suggested that threshold pressure is associated with the 

inflection point on a capillary pressure curve thus concluded that the point where there was 

maximum intrusion of the non-wetting phase which they called the dominant intrusion pressure 

corresponds to the dominant pore throat size. 

 

Julian B.T, Scott and Ron D. Barker also carried out experimental research to show how 

measurement of electrical resistivity made over a broad frequency range may be correlated 

directly with the sizes of the throat or pathways between the pore spaces in the rock. The results 

obtained include: 

 Coarse grained sandstones produced low frequency phase peak during the electrical 

measurement than fine grained sandstone 
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 That similar grain sizes can produce very different size pore spaces depending on the 

compaction of the sandstone 

 Comparing a thin section of rocks with the electrical measurement, similar grain sizes 

produced lower frequency phase peaks when the grain are less tightly packed and the 

pore spaces are larger 

 Comparing the frequency of the phase peak with the dominant pore throat size (MICP 

test), it was observed that the higher the frequency of the phase peak the smaller the 

dominant pore throat size and the more dominant the pore throat size, the sharper the 

phase peak 

 The level of correlation between the pore throat size and the quadrature conductivity 

allowed the calculation of dominant pore throat size from the phase peak frequency using 

the equation below (Scott & Barker, 2003) 

)(0059.00162.0 peakfLnD         2.44 

Many empirical functions and correlations have been proposed by researchers to describe and 

characterize the relationship between capillary pressure, saturation and pore size distribution. For 

this project, the Brooks-Corey’s equation will be used to estimate pore size distribution index. 

The equation Brooks-Corey’s equation is given below (Bloomfield, Gooddy, Bright, & 

Williams, 2001) 



1


 edc SPP            2.45 

dP = displacement pressure or the entry pressure at wS =1, where wS is the wetting phase 

saturation,  = pore size distribution index which describe the shape of the capillary curve.  
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wiwe SSS ,, are effective saturation of the wetting phase, water saturation and connate water 

saturation respectively (Donaldson et al, 2008). The effective saturation of the non-wetting phase 

can be express mathematically as (Tiab & Donaldson, 2012): 

ewen SS 1            2.47 

 

Ritter and Drake proposed a method for estimating the pore size distribution for a porous 

material based on mercury-capillary pressure curve and they defined the pore size distribution 

function as shown in equation 2.51 (Tiab & Donaldson, 2012): 
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Considering one pore volume, equation 2.34 becomes 
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But  
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            2.50 

Substituting equation 2.50 into equation 2.49 and assuming a contact angle of 1 since it is a non-

wetting phase and a wetting phase is considered, we have: 
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The maximum pore throat size occurs at 1wS  where 
ctP

r
2

max   and the minimum pore throat 

size occurs at irreducible water saturation
max

min

2

cP
r


 . ctP is obtained by extrapolating the 

capillary pressure cure to the point where 1wS . 

 

T.J.Marshall (1958) in a research, established an equation which relates permeability of a rock to 

the size distribution of its pore in an isotropic material. They assumed that the rate of flow is 

controlled by the mean cross sectional area of the necks connecting the pores. They establish an 

equation for linear flow velocity normal to any cross sectional area of the porous material. This 

equation was then equated to Darcy’s equation of flow. With this the equation relating 

permeability with pore size distribution was establish. Mathematically the linear flow velocity 

obtained by Marshall is:  

 8/])12(....53)[/( 22
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Darcy’s flow velocity equation through porous material is expressed mathematically as: 

lKU   /1            2.53 

Equating equation 2.51 and equation 2.52 we have 
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lrnK  /,,,,  are permeability, porosity, number of pores, pore radius and potential gradient 

respectively. 

 

Since permeability and capillary pressure are both a function of wettability and entry size of 

pore, Purcell proposed that pore size distribution obtained from a capillary pressure curve can be 

linked to absolute permeability (Tiab & Donaldson, 2012). He began with Poiseuille’s equation 

and then validated the equation of mercury-air capillary pressure curve (Tiab & Donaldson, 

2012).Below are the equations: 
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After introducing the definition of other parameter, a final equation that enables the estimation of 

permeability from the capillary pressure curve data was established. Equation 2.56 gives the 

permeability that can be obtained from capillary pressure curve (Donaldson et al, 2008): 
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rF,,,  are interfacial tension, contact angle, porosity and formation resistivity factor 

respectively. Therefore from the above equation, the absolute permeability can be calculated 

from capillary pressure curve data. 

2.7 IMMISCIBLE FLUID DISPLACEMENT 

Water and oil are fluid that cannot be mixed that is they are immiscible. In other for oil to be 

displaced by water, certain factors have to be considered. These factors include the rock 

wettability, capillary pressure, viscosity of both fluids and mobility ratio between the displacing 

and displace liquid. The maximum recovery from the reservoir will also depend on the residual 

saturation of the displaced fluid and the critical saturation of the displacing fluid (Ahmed, 

Reservoir Engineering Handbook, 2001). Residual saturation is the saturation at which the fluid 

ceases to flow due to discontinuous nature of the fluid in the porous media. The critical 

saturation is that minimum saturation a fluid must attain before it can begin to flow (Ahmed, 

Reservoir Engineering Handbook, 2001). Fig 2.19 and 2.20 gives an illustration of waterflooding 

mechanism in a water wet and oil wet system 
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Processes that results in increasing the saturation of the wetting phase in a multiphase system are 

known as “Imbibition or resaturation” while processes that results in decreasing the saturation of 

the wetting phase is referred to as “drainage or desaturation” .According to Dullien (1992), the 

drainage capillary pressure can be modeled using the bundle of capillary tubes model which 

postulate that at the threshold capillary pressure of penetration of the nonwetting fluid, the 

largest capillary gets penetrated and filled. As the capillary pressures increases, smaller tubes 

become filled. A threshold pressure is one that must be exceeded before oil can imbibe into a 

water wet, water saturated pore system or before water can imbibe into an oil wet, oil saturated 

pore system (Donaldson & Alam, 2008).  

 

Figure 2.19: Water displacing oil in a strongly water wet rock (Anderson, 1987) 

  

 
Figure 2.20: Water displacing oil in a strongly oil wet rock (Anderson, 1987) 
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2.7.1 Fractional Displacement of Fluid 

Displacement of oil by water occurs in the form of a homogenous front and depending on the 

mobility ratio, the water front will begin to generate fingers resulting in by passing of the oil. 

The volume of oil displaced from the invaded region divided by the volume of oil initially in 

place in the invaded region is referred to as the microscopic displacement efficiency and it is 

mathematically expressed as (Ezekwe, 2011): 

oi

or
D

S

S
E 1            2.57 

Where 

orS = residual oil saturation in the swept zone 

oiS = residual water saturation in the swept region 

Volumetric or Macroscopic displacement efficiency (
vE ) is the fraction of the reservoir volume 

swept by the displacing fluid. It Mathematical representation is (Ezekwe, 2011): 

iAv EEE             2.58 

vA EE , are area and vertical sweep efficiency respectively. 

 

Viscosity as stated has effect on water displacement. A high viscosity ratio (
ow  ) is followed 

by a high relative permeability and water breakthrough at a high water saturation (Donaldson & 

Alam, 2008). A low viscosity ratio will result to an early water breakthrough and water fingering 

at water front. Efficient oil production is therefore controlled by both viscosity and relative 

permeability ratios (Donaldson & Alam, 2008).  

 

Levereth proposed a fractional equation to describe flow of immiscible fluids at a particular 

saturation. Equation 2.59 is the fractional equation (Donaldson & Alam, 2008): 
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,),(),(),(),(,  woowcto kkxpAqk  are effective or relative permeability of oil, flow rates 

of water and oil (
ow qq  ), capillary pressure gradient, viscosity ratio, effective or relative 

permeability ratio and angle of inclination of the porous system respectively. Donaldson and 
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Alam (2008) divided this equation into three distinct parts. They are represented in equation 

2.60: 
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The first term calculates the fraction of water flowing as a function of saturation (the fluid 

displacement term, the second is the capillary pressure term which is usually neglected because 

its effect is negligible i.e. small pressure over a very long distance and the third term which 

represent the flow inclination. Therefore the fractional flow of water (
wf ) can be defined as the 

ratio of the flow rate of water to the total flow of both fluids at any saturation. 

 

2.7.2 Frontal Advancement of Displacing Fluid 

In other to be able to estimate and monitor the rate of flow of displacing fluids, Buckley and 

Levereth proposed a frontal advance equation used to predict the velocity of a moving 

displacement front. The equation is given below: 
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),(,,,, wwT sfAtqx  are distance traveled by a fixed saturation in time, ft, total flow rate 

(RB/D), time interval (days), cross sectional area, slope of the fractional flow curve and porosity. 

Equation 2.61 and 2.62 gives the velocity of the displacing fluid at any saturation within the 

porous medium and fractional length of the porous medium from the inlet which a specific 

saturation has moved after water breakthrough (Donaldson & Alam, 2008). 
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From the equations it can be deduced that the distance traveled by given water saturation at a 

specific time is proportional to the fractional flow curve slope. With this the water saturation 

distribution and breakthrough time can be estimated. 
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Welge proposed a graphical method (fig 2.21) that simplified the application of the Buckley 

Levereth method. He proposed that the flood front can be determined graphically by drawing a 

tangent line from the initial water saturation so as to touch the fractional flow curve at point 

equal to one. 

 

Figure 2.21: Fractional flow curve showing water saturation at the flood front (Ahmed, Reservoir 

Engineering Handbook, 2001) 

 

The tangent line must be drawn from the initial water saturation even if it is smaller than the 

irreducible water saturation. Welge deduced 2 kinds of average water saturation (Ahmed, 

Reservoir Engineering Handbook, 2001): 

 Average water saturation behind the flood front – this is the water saturation gotten after 

extending the tangent line drawn to the point where 
wf =1 

 Average water saturation after water breakthrough -  this is the water saturation gotten by 

drawing a tangent line to the fractional flow curve to a saturation greater than average 

water saturation at the flood front but less than the maximum water saturation. Figure 

2.22 shows graphically the two types of saturation deduced by Welge. 
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Figure 2.22: Fractional Flow curve showing the two kinds of average water saturation (Ahmed, 

Reservoir Engineering Handbook, 2001) 

 

Two distinct zones are said to exist when a reservoir is undergoing waterflooding mechanism. 

The diagram below illustrates these zones. 

 

Figure 2.23: Showing average water saturation distribution as a function of distance (Ahmed, 

Reservoir Engineering Handbook, 2001) 
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The zones as shown in figure 2.23 are the stabilized and non-stabilized zones. In the stabilized 

zone, a constant displacing velocity is observed for all displacing phase saturation whereas the 

non-stabilized zone is denoted by non-constant velocity which flattens with time as the 

displacing front progresses (Ahmed & McKinney, Advanced Reservior Engineering, 2005). The 

stabilized zone is also referred to as the shock front because the water saturation sharply 

increases from connate water saturation to saturation at the water front while the non-stabilized 

zone is referred to as the drag zone (Ahmed & McKinney, Advanced Reservior Engineering, 

2005).  

 

The average water saturation after breakthrough can be mathematically estimated using the 

equation below (Ahmed & McKinney, Advanced Reservior Engineering, 2005): 

2
)(

1 2

22

wS

w

w

w
ww

S

f

f
SS






          2.64 

To estimate the cumulative pore volumes of water injected at the time when water saturation 

reaches 
2wS  at the producing well is (Ahmed & McKinney, Advanced Reservior Engineering, 

2005): 
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2.8 DISPROPORTIONATE PERMEABILITY REDUCERS OR RELATIVE 

PERMEABILITY MODIFIERS 

Due to the heterogeneous nature and other reservoir characteristic, a reservoir may possess an 

uneven distribution of permeability i.e. one zone may be more permeable than another. This 

results to inefficient recovery of oil during enhanced oil recovery as the water during 

waterflooding tends to flow to areas with higher permeability, by passing low permeable areas 

and resulting to increase in residual oil saturation. Also producing water during hydrocarbon 

production poses both economic and environmental threat as locations to dispose this produced 

water are not available.  In time past, methods for controlling water production was the use of 

gels which plug the entire water zones therefore resulting in zonal isolation. These gellent 

sometimes find their way into the oil producing zones and limits hydrocarbon production 
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(Tielong, Yong, Kezong, & Wanfeng, 1996). In other to prevent this, researchers came up with 

some chemicals that reduce the uneven distribution of reservoir permeability and they are called 

disproportionate permeability reducers (DPRs) or relative permeability modifiers (RPMs). 

 

DPRs are chemical that reduce water permeability without altering the oil permeability of the 

formation (Dalrymple et al, 2000). They do not precipitate swells or thickens as much when they 

come in contact with hydrocarbons as they would with water. DPRs are preferred to the 

conventional polymer gel treatment because they do not require isolation of treated zone 

(Dalrymple et al, 2000). DPRs are resin wood derivatives or oil soluble silicon compounds which 

when in contact with water, reacts to form water blocking silicate gels. Emulsified gel (water-in-

oil) has been proven to be effective DPRs and hydrophilic polymers have been proven to be an 

effective RPMs (Karmakar, Grattoni, & Zimmerman, 2002). 

 

RPMs are water soluble hydrophilic polymers that adsorbs to rock surfaces in the formation by 

first water wetting the formation pores then adsorbed hydrated polymers layers are formed to 

reduce the pore throat channel size (Lullo & Rae, 2002).They will shrink when they come in 

contact with hydrocarbon as a result of their oleopholic nature (Kelland, 2009). RPMs can be 

divided into two categories and they are synthetic vinyl polymers and natural polymers (Kelland, 

2009). The RPM used in this project is a natural polymer and it is called Xanthan gum. 

 

The effect of relative permeability reducers has been studied and applied to real life cases. 

Gustavo A Farrera Romo et al (2010) did a case study from the Pemex Southern region of the 

Cinco president field. A hydrophobically modified water soluble polymer was injected into the 

water producing zones. A gradual increase in wellhead was observed and this was assumed to be 

as a result of hydrophobic polymers adsorbing to the formation surfaces. Also there was a 

gradual reduction in water produced.  The effect of the hydrophobic polymer was thus measured 

from the production history of water and oil and the fraction flow rate of water (Romo, Leyva, 

Agullar, Campos, Eoff, & Dalrymple, 2010). 

Guy Chaveteau and his term of researchers (1999) introduced a new concept to minimize water 

production. This process involves injecting non-toxic soft size-control microgels into the 

formation. They considered this technique better and more efficient than water soluble polymer 
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because polymers and/or cross linker adsorption (in the near wellbore region) and dilution (by 

dispersion) during placement can affect the efficiency of the polymer treatment (Chauveteau, 

Tabary, Blin, Renard, Rousseau, & Faber, 2004). They stated that the unique quality of the 

microgels make them standout as good water shutoff agent. The intrinsic soft nature of the gel 

provides them with the internal elastic model enables them to collapse onto pore surfaces when 

they are subjected to capillary forces. It’s well defined size in solution determines adsorbed layer 

thickness and thus reduction in water permeability and also easy placement between layers 

without any zonal isolation. The effect of microgels in the reduction of water permeability was 

measure by determining the reduction in mobility ratio and permeability as a function of 

maximum shear rate in pore throat. The result obtained was that microgels possessed the in-

depth propagation capacity and its adsorption density and concentration controls the frontal 

velocity compared to other non-adsorbing fluids (Chaveteau et al, 2004). The disproportionate 

property was measured by comparing the relative permeability before gel treatment with that 

after gel has been injected into the formation. 

 

Chen Tielong et al (1996) measured the effect of RPMs in a gas well by determining and 

comparing the relative permeability measure curve before and after application of the polymers, 

adsorption levels and Relative Residual Resistance Factor (RRF) to both water and gas after 

polymer injection. They also reported that the polymer made the rock water wet. This change in 

rock characteristic resulted in the reduction of the relative permeability and increase in residual 

water saturation. RRF is a measure of the permeability reduction in reservoir rock after polymer 

treatment and is defined by the relationship between water mobility before and after polymer 

treatment (Silva, Lucas, & Franca, 2010). 

 

2.8.1 Mechanism of the Disproportionate Permeability Reduction 

Research have being made to discover and understand the mechanism behind Disproportionate 

Permeability Reducer Polymers as lack of knowledge on how the polymers influences the flow 

of water and oil has been a major limitation for wide usage in industries (Al-Sharji, Grattoni, 

Dawe, & Zimmerman, 2001). One of the proposed mechanisms is assumed to be the adsorption 

and lubrication effect but according to Al-Sharji et al (2001) effects like entrapment and 

retention were not considered. 
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H.H. Al-Sharji and his research team studied the effect of cationic polyacrylamide injection on a 

single and two phase flow system (oil-wet and water-wet system) to establish the mechanism of 

DPRs. They observed (though a microscope) that some polymer layers built up on the crevices 

between grains. Comparing the visual observation with changes in the flow and pressure 

characteristics, (low flow velocity and high pressure) their findings was validated. These changes 

were believed to be as a result of polymer retention. The mechanism behind the buildup of 

polymer on the pore surface was referred to as adsorption-entanglement. Adsorption-

entanglement is the dynamic growth of polymers adhering on the pore surface thus forming a 

network which are completely replenished from the flowing polymer solution. This phenomenon 

is said to occur at the grain-grain contact (small pore volumes) and along the walls of the cores. 

This entanglement resulted to reduction in the area where water flows as water will have to 

squeeze through the polymer layers. Oil flow was not affected by the polymers because oil 

resides in larger core center and the polymers are adsorbed on the wall surface. Fig 2.24 shows 

the adsorption-entanglement mechanism of DPRs. 
 

 

Figure 2.24: Accumulation of polymers layers in the crevices close to the grain-grain (Al-Sharji, 

Grattoni, Dawe, & Zimmerman, 2001) 

 

R.S Seright et al (2001) and his teams also characterized DPRs using synchrotron x-ray 

computed microtomography to understand its mechanism. The mechanism discovered to be 

responsible for the reduction in water permeability for a strongly water wet system was said to be 

as a result of the trapping of residual oil by gel thus causing restriction for water to flow through 

as the only possible way water can flow will be either to squeeze through the gel or through 

narrow films and smaller pores. For the oil wet system, oil films and smaller pathway provided 

channel for the oil to flow (Seright, Liang, Lindquist, & Dunsmuir, 2001).  
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The Petroleum Recovery Researchers (PPR) (The Petroleum Recovery Researchers) also 

proposed that capillary forces and gel elasticity may contribute to the disproportionate 

permeability reduction. Two forces are considered to act on oil droplet passing through an 

aqueous gel. They are the capillary force of the non-wetting phase and the elastic forces from the 

gel. The balancing of these two forces is said to determine the final radius of the pore. The strong 

capillary force of the non-wetting phase pushes and opens up the channel while the elastic force 

from the gel tries to close it up. Since water has low capillary forces, the elastic force from the 

gel tends to override it thus a small flowing radius is attained. This results to the reduction of 

flow channels and thus water relative permeability. Fig 2.25 illustrates the combine effect of 

capillary pressure and polymer elasticity on oil droplet. 

 

Figure 2.25: the effect of Capillary pressure and Elasticity on disproportionate permeability 

reduction (The Petroleum Recovery Researchers) 

 

 

2.8.2 Petrophysical Characteristic of Xanthan Gum 

Polymers are macro molecules formed from the combination of simple single molecules called 

monomers (Chatterji & Borchardt, 1981).This chemical reaction is termed polymerization. The 

molecular weight of a polymer has an effect in it physical and chemical properties. The more 

number of monomer units present in a polymer (degree of polymerization), the higher will be it 

molecular weight (Chatterji & Borchardt, 1981). Polymer solutions are said to exhibit a non-

Newtonian pseudoplastic behavior that is its viscosity decreases with increasing shear rate. 

 

Xanthan is a free flowing powder soluble in both hot and cold water and gives viscous solution 

at low concentrations (Kadajji & Betageri, 2011). Xanthan biopolymer is produced by pure 
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culture fermentation of a carbohydrate with natural strains of Xanthomonas campestris, purified 

by recovery with ethanol or propanes-2-ol, dried and milled (Chatterji & Borchardt, 1981). It is a 

highly branched polymer. The loose coil helical structure of Xanthan polymer chain and its large 

polar polymer side chains promotes the hydrogen bonding to water molecule and interaction 

between polymer chains (Chatterji & Borchardt, 1981). Also its rod-like structure causes it 

molecules to have very high hydrodynamic volume (Born, Langendorff, & Boulenguer). The 

molecular weight of Xanthan is between 4 and 12x10
6
gmol

-1
.Depending on polymer 

concentration, salts or addition of hydrocolloids, Xanthan system can occur as a Newtonian, 

pseudo-plastic solution or a gel (Karin et al) and a research done by Veeran Gowda Kadajji and 

Guru V. Betageri (2011) reports that Xanthan gum solution exhibit pseudoplastic behavior i.e. 

they regain their viscosity immediately after a high shear rate. 

 

In a research study by Akstinat Manfreh (1980), it was observed that the solubility of a polymer 

is inversely proportional to the formation brine salinity (a measure of dissolved salt in water) and 

the pH of a solution should not be altered by a polymer by more than +0.5 pH unit (Akstinat, 

1980). Veeran Gowda Kadajji and Guru V. Betageri (2011) also reported in their research that 

Xanthan gum are least affected by changes in solution pH and are stable in both acidic and 

alkaline conditions.  

 

The first stage of Xanthan gum polymer preparation is the gel formation stage. Here the solvent 

molecule starts to dissolve and get attached with the polymer chains. The second stage is the 

mixing stage which must be done properly to give a good dispersion so as to prevent pore 

plugging and gel formation. The screen factor should be taken into consideration while stirring 

as too high shear rate could lead to loss of polymer screen factor but also increasing the polymer 

concentration will result to an increase in the solution screen factor (Nashawi, 1991). Screen 

factor can be defined as the ratio of the flow time for a polymer solution through the screen 

viscometer to the flow time for the same volume of solvent. 

 

Ibrahim S. Nashawi (1991) in laboratory investigation proposed that multivalent cations such as 

Calcium and magnesium cause polymer to precipitate and gel up during polymer solution mixing 

and preparation. Chatterji and Borchardt (1981) also discovered that the presence of small 

amount of sodium chloride will decrease the viscosity of low concentration of the Xanthan gum 
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solution. The major shortcoming of Xanthan gum is that its treatment lifetime is fairly short (they 

degrade easily) and they are difficult to inject as a result of high viscosity polymeric solution 

(Kelland, 2009). Fig 2.26 is the graph illustrating the effect of gel concentration on apparent 

viscosity. 

 

 

Figure 2.26: showing the effect of gel concentration on its apparent viscosity (Chatterji & 

Borchardt, 1981) 

 

From the graph above we could see that for Xanthan its viscosity at the same concentration with 

other polymers will yield a lower viscosity. The unique properties of water soluble polymers are 

its ability to modify the property of aqueous environment, biocompatible and biodegradable 

(Karin et al). Industries are interested in Xanthan gum because of its ability to control the 

rheology of water based systems (Kadajji and Betagei, 2011). 
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CHAPTER THREE 

METHODOLOGY 

3.0 CORE CHARACTERISATION AND PREPARATION. 

Core chunk sample was supplied by Wallace Quarries Limited in Wallace, Nova Scotia. These 

cores are said to be recovered at a shallow depth. Once a core has been drilled, exposed to 

drilling fluids and taken out of the rock formation, the original reservoir condition of the rock has 

been altered. The core has to be cleaned to remove contaminants and to restore it to its original 

wettability state. The cores were drilled with petroleum lubricants and mineral oil. To clean the 

cores, they were saturated with methanol in a vacuum oven to displace the mineral oil. They 

were then saturated with de-ionized water to displace the methanol and then dried in the roller 

oven model 704ES at 90
o
C to take out the water. Since all cores were from the same chunk of 

rock formation an assumption that the petrophysical properties of all cores used for the 

experiment are approximately the same. 

The ASTM test data of Wallace Sandstone carried out by National Research council, Halifax, 

Nova Scotia are stated in table 3-1: 

Table 3-1: ASTM data of Wallace Sandstones (Wallace Quarries Ltd) 

Absorption Saturation 

coefficient 

Unit weight    

(Ibs/ft
3
) 

Apparent 

porosity (%) 

4.0% 0.644 141 - 145 14.3 

Measurement was also carried out in the laboratory to further characterise the core before 

commencing the experiment. Table 3-2 below shows additional data of the core samples. 
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Table 3-2: Laboratory Measurement data of Wallace cores 

Core Name Dry weight    

(+ 0.05g) 

Diameter of 

core  

(+0.2mm) 

Length of 

Core 

(+0.2mm) 

Absolute 

permeability 

W9 201.3  37.9 76.4 0.73 

W10 202.5 38.0 76.9 0.64 

W11 201.9 37.9 76.7 0.49 

W12 202.1 38 76.9 0.69 

 

3.1 PETROPHYSICAL MEASUREMENT OF CORE 

3.1.1 Pore Volume and Porosity Measurement 

Pore Volume is the volume occupied by the reservoir fluid. To estimate the core pore volume, 

the core was first weighed dry. The cores were then saturated with brine in a Vacuum Oven of 

Model 281A supplied by Cole Parmer. The cores were left in the oven for 24hrs. After which 

their wet weight was determined. The pore volume of the core can thus be determined from 

equation 3.2: 



dw

v

MM
p


           3.1 

,, dw MM are weight of wet core, weight of dry core and density of brine respectively. 

Porosity thus can be calculated from the equation below: 

b

v

V

P
            3.2 

Where 

vP  = pore volume  



 

55 
 

bV = bulk volume 

3.1.2 Bulk Volume Determination 

The bulk volume of the core was estimated directly by measuring the core diameter and length as 

they were cylindrical in shape. Therefore the bulk volume of the core is mathematically 

estimated as shown in equation 3.3: 

L
d

LAVb
4

2
           3.3 

3.1.3 Specific Surface Area of the Cores 

The Specific Surface area of a rock can be measured  in three parts. They are the specific surface 

area per unit bulk volume, specific surface area per unit pore volume and specific surface area 

per unit mass. According to Kozeny equation, there exists a flow relationship between specific 

surface area per unit bulk volume and the absolute permeability of a porous medium. This 

relationship can be mathematically represented as shown in equation 3.4 (Marshall, 1958): 

kS
K

b

2

3
            3.4 

Where 

K = permeability, cm
2
,   = porosity, bS = specific surface area per unit bulk volume, cm

2
/cm

3
, 

k = empirical constant usually taken as 5. 

From equation 3.4, the specific surface area per unit bulk volume is: 

5.0
3

)
5

(
K

Sb


            3.5 

Assuming the core has a total surface area
TS , the specific surface area per unit bulk volume can 

be estimated as: 

b

T

b
V

S
S             3.6 
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Therefore the specific surface area per unit pore volume can be written as that in equation 3.7: 

p

T

p
V

S
S             3.7 

pV Pore volume = bV          3.8 

Substituting equation 3.7 into 3.6  

2

1

)
5

(
K

S

V

S
S b

b

T

p




          3.9 

The specific surface area per unit mass can be estimate also as: 

g

g

T

m S
V

S
S             3.10 

gV = the volume of grain= )1( bV         3.11 

Substituting equation 3.11 into 3.10 

g

b

gb

T

m

S

V

S
S

 )1()1(  



         3.12 

b

d

g
V

M

)1( 
           3.13 

3.1.4 Mean Hydraulic Radius 

This is defined as the ratio of the internal volume per unit bulk volume of the core to the internal 

surface area per unit bulk volume (Donaldson & Alam, 2008). It can be expressed 

mathematically as: 

bb

T

b

p

m
SV

S

V

V
r


           3.14 

Therefore the area available for fluid flow can be estimated. 
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3.1.5 Absolute Permeability Measurement 

This is the ease of flow of a fluid in a rock when it is 100% saturated with that same fluid. The 

Bench Top Permeameter was used to measure the core’s absolute permeability. The Bench Top 

Permeameter was supplied by Vinci Technologies and the test was carried out at ambient 

temperature with unsteady state technique. The Applilab software in the system allows automatic 

data acquisition.  To measure absolute permeability, the saturated core was loaded into the core 

holder and the brine accumulator was filled with the same brine that the core was saturated with. 

With these in place and all screws tightened; a back pressure of 200psi and a confining pressure 

of 700psi were initiated into the system. The confining pressure must be higher than the back 

pressure by 500psi at all time so the rubber sleeve around the core is properly sealed. The brine 

inlet valve was opened and the pump rate was initiated. The inlet, outlet and differential pressure 

gauges were monitored and regulated so as not to exceed a pressure of 500psi. An increase in 

confining pressure was noticed as the inlet pressure increases. A flow of brine from the back 

pressure accumulator was noticed when the outlet and back pressure equalized. As the flow 

began, the macro pump was switched on. This process automatically initiated the Applilab to 

begin the calculation of the absolute permeability. This same process was repeated for the rest of 

the cores to be used for the experiments. Figure 3.1 is a diagram of the bench top Permeameter.  

 

Figure 3.1: the Bench Top Permeameter (BRP) 

Four cores were proposed to be used for this experiment. The absolute permeability of two cores 

was measured using only synthetic brine. The absolute permeability of the other two was 

measured with synthetic brine and polymer mixture. From equation 3.4, it can be deduced that 

the specific surface area is inversely proportional to the permeability that is the more the specific 
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surface area available for flow in a porous medium, the more the resistance to flow and thus a 

decrease in absolute permeability and vice versa. 

3.2 EXPERIMENTAL PREPARATION AND SET UP 

3.2.1 Brine Composition and Preparation 

The core cannot be saturated in fresh water as this could result in dissolution of its clay content. 

In order to be realistic in the brine composition, a reference reservoir basin was selected. The 

basin chosen was the Roncador reservoir in Campos Basin field with a purity of 94% (Bezerre et 

al, 2004). Purity is the concentration of sodium chloride in the brine. The purity can be 

calculated from equation 3.15:  

S

NaCl
P


            3.15 

Where 

Cl = Chloride constituent, Na  = sodium constituent, S = water salinity 

Roncador reservoir water composition also contains other constitutes like potassium, calcium, 

barium etc. but due to lack of all this compound in the laboratory and also considering the 

polymer to be used in the experiment, the Sinclair sodium chloride equivalent correlation method 

for calculating the brine composition was adopted for this experiment (Desai & Moore, 1969). 

Therefore sodium chloride mass used in preparing the brine was 184.9g per 1000ml of de-

ionized water. In preparing the brine, 184.9g of sodium chloride salt was measure using a 

EC4000 precision scale supplied by Cole Parmer and with a precision (d) = 0.1g. 500ml of de-

ionized water was measured into a round bottom flask; the salt was pour into it and then agitated. 

More de-ionized water was then added to make it up to the required 1000ml. The solution was 

then allowed to stand for 20mins to allow proper salt dissolution.  

The pH, density and viscosity of the solution were thus measured. The pH was measured using 

the pHTestr 30 which had to be calibrated first before use. In calibrating, the instrument was 

placed in three buffer solutions of known pH (4, 7, and 10). After calibration, the instrument was 

rinsed with water and the pH of the brine was measured. The density of the brine was measured 

using the hydrometer. The synthetic brine was poured into a cylindrical beaker and allowed to sit 
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in a water bath until its temperature was equal to 20
o
C. After which the hydrometer was inserted 

into the beaker containing synthetic brine. Caution was taken to ensure that the hydrometer floats 

and do not touch the bottom of the beaker. The point of intersection between the top of the brine 

and the hydrometer was then recorded as the brine’s density. The Ubbelohde type viscometer 

was used to measure the brine’s viscosity. The viscometer tube tagged L was first filled with the 

brine  to the required level and allowed to sit in a water bath for 20mins to cool the fluid’s 

temperature to 20
o
C. After which suction bulb was inserted into the viscometer tube tag ‘N’ 

while a finger was placed over the tube tag ‘M’. Suction was applied and the fluid was allowed 

to rise to the required level. The suction bulb was removed and immediately the finger placed on 

tube M was move over to tube N. The time taken for the fluid (after removing finger from tube 

N) to flow downward from level B to level D was recorded. This is referred to as the efflux time. 

The kinematic viscosity of the fluid can then be calculated by multiplying the efflux time by the 

viscometer constant. 

3.2.2 Xanthan Gum Polymer Preparation 

This polymer was chosen due to its ability to withstand mechanical breakage, its ability to give 

viscous solution at a low concentrations and it availability (Nashawi, 1991) (Kadajji and 

Betageri, 2011). The Xanthan polymer which was powdered in nature was supplied by 

Bebbington industries. 500ppm (0.5g) of Xanthan polymer was measure and poured gradually 

into 1L of brine. While it was gradually pour into the beaker containing brine, the solution was 

stirred. The Hamilton beach blender was then used for proper mixing so as to achieve proper 

dispersion of the polymer. The polymer solution was allowed to mix for 10mins and then filtered 

using a medium porosity filter paper of 5-10microns. The polymer solution was filtered to 

prevent core pore plugging during experiment. The filter containing the filter paper was placed in 

a round bottom flask connected to a vacuum pump. This connection was made to create a 

potential gradient (pressure gradient) and thus enhance the filtering process. After preparation of 

the polymer the solution was pour into bottom flask and seal to prevent evaporations and thus 

concentration alteration. Figure 3.2 is a picture showing the filtration system.   
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Figure 3.2:Filtration system 

3.2.3 Saturating Core with Brine 

The cores where saturated with synthetic brine using a stable temp vacuum oven of model 281A. 

The cores where left in the vacuum for 24hours to ensure 100% saturation. The purge valve was 

closed, the pump was started and the vacuum valve was then opened. The gauge was monitored 

until a pressure of -27in.Hg was attained. When this pressure was reached, the vacuum valve was 

closed and the pump was stopped. The cores were then left in the oven for 24hour. 

3.2.4 Saturating Core with Polymer and Synthetic Brine Solution 

All four cores where initially saturated with synthetic brine but this was not supposed to be. Two 

cores were supposed to be saturated with synthetic brine while the others were to be saturated 

with polymer and synthetic brine. In order for this correction to be made, the brine saturated 

cores (2 cores) were flooded with the polymer and brine mixture using a Core Flooding System 

(CFS) of model CFS-700. A total of approximately five pore volumes were displaced from the 

cores to ensure proper saturation of the cores with the polymer and brine solution. The mode of 

operation of the CFS is similar to that of the BRP.   
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3.2.5 Gravimetric Capillary Pressure System (TGC-764) 

This system measures the pressure difference between a liquid and a gaseous phase. It measures 

the drainage capillary pressure. The liquid is usually the wetting phase while the gas (nitrogen) is 

the non-wetting phase. The capillary pressure system has two main components. They are the gas 

pressure control panel and the humidifier unit. With the humidifier, the desaturated gas injected 

is humidified before it finally gets into the core holder. Due to the nature of the injected gas 

(desaturated), there is a tendency of the gas to absorb water vapour from the porous medium so 

as to attain saturation. This leads to alteration of the saturation of the core. Therefore there is the 

need for the humidifier to ensure that the core desaturation is wholly a function of the capillary 

pressure and not a function of evaporation. The pressure control module make regulation of the 

injected pressure (desaturation pressure) of the gas possible. Therefore the core’s desaturation 

pressure can be controlled. 

The other units of the capillary pressure system are the core holder, the semi permeable ceramic 

plate and a spacer. The ceramic plate is said to be the heart of the capillary pressure measuring 

system. It serves as a capillary barrier to a gas phase up to a specific pressure differential while 

allowing the passage of water. The ceramic plate to be used for an experiment is chosen 

depending on the permeability of the core and the rate of expected desaturation. The larger the 

pore size of the ceramic plate the faster the desaturation of the core sample. There are three 

ceramic plates that come with the capillary pressure system. They are the 1 bar, 3 bar and 15 bar 

plate.  The bar rating refers to the expected threshold pressure of the ceramic plate. The 1 bar 

plate is used with high permeability samples above 500mD; the 3 bar plate is used with 

permeability samples between 50 and 500mD; the 15 bar plate is utilized on less permeable 

samples. The maximum pressure that can be used in an air/water system for the 15 bar ceramic 

plate is 200 psi. The initial saturation of the core sample to be measured has to be confirmed 

before the measure can proceed. Equation 3.16 can be used to confirm the satuarion: 

100]
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         3.16 

Saturation can be defined as the ratio of the total fraction volume of a particulaer fluid to its pore 

volume. It is that fraction of the pore volume occupied by a particular fluid.  Once the initial 
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saturation of the core has been determined and its 100% saturated (between 98% and 102%), the 

experiment can begin. The ceramic plate is first saturated with the same liquid  that the tested 

core is saturated with. 2-ply layer of tissue cut to the shape of the core base (circular shape) is 

place between the ceramic plate and the core to ensure hydraulic continuity. After which the core 

is ready to be loaded into the coreholder. The top of the core holder is then closed and tightly 

secured to prevent air leakage. With all component in place, the nitrogen bottle (main source of 

gas) was set at 225psi. a desired desaturation pressure is then initiated. A minimum of six sets of 

pressure is usually used. Any suites of pressure can still be used depending on the core’s 

permeability. The volume of water displaced at a desaturation pressure injected is monitored 

over a period of 8 hours. The volume of brine displaced into a graduated cylinder is later 

calculated when there is no noticeable flow of fluid from the outlet tube for that pressure. With 

this, the satuaration of the core sample is caluculated and recorded against the corresponding 

preesure. The pressure is increased and the procedure is repeated for each incremental pressure. 

Figure 3.3 and 3.4 shows the diagram of the capillary pressure system and schematic of the 

Gravimetric Capillary Pressure Unit (TGC-760)  

 

Figure 3.3: Schematic of the Gravimetric Capillary Pressure Unit 
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Figure 3.4:Gravimetric Capillary Pressure Unit 

   

3.3 CAPILLARY PRESSURE MEASUREMENT 

Capillary pressure measurement was carried out in two sets. The first was the measurement of 

capillary pressure on core saturated with only synthetic brine while the second was on core 

saturated with synthetic brine and Xanthan gum polymer solution.  The Wallace core was 100% 

saturated. 2-ply tissue was place underneath the core. The fluid from the core was used to ensure 

that the tissue was properly seated and there were no air bubbles. The ceramic plate was then 

saturated with the fluid that the core to be measured was saturated with. The ceramic place and 

the core were place gently into the core holder. Desaturated nitrogen gas was then introduced 

into the core holder. 

The capillary pressure-saturation data gotten was used to calculate the effective water saturation, 

the threshold or entry pressure, the pore size distribution index and the relative permeability of 

water and gas. The Brooks and Corey’s equation will be used in estimating these parameters.  
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3.4 PORE SIZE DISTRIBUTIONDETERMINATION 

In other to be able to calculate the pore size distribution of the core, the saturation derivative       

( )ciwi PS   has to be determined. The capillary pressure data curve was found to fit into an 

exponential function. With this the saturation derivative and the pore size distribution )( irD was 

determined. The pore size distribution was calculated using equation 2.51. The pore size 

distribution curves will be established. From this, the petrophysical effect of the Xanthan gum 

polymer which is a disproportionate permeability reducer can thus be characterised. 
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CHAPTER FOUR 

RESULTS AND DISCUSIONS 

4.0 CORE PETROPHYSICAL MEASUREMENT DATA 

The pore volume and porosity of the cores were estimated. The table 4-1 shows the results 

obtained.  

Table 4-1: Petrophysical data of Cores 

CORES DRY 

WEIGHT 

(+0.05g) 

WET 

WEIGHT 

(+0.05g) 

PORE 

VOLUME 

(cm
3
) 

BULK 

VOLUME 

(cm
3
) 

POROSITY 

(%) 

ABSOLUTE 

PERMEABILITY 

(mD) 

W9 201.3 214 11.36 86.19 13.18 0.73 

W10 202.5 215 11.18 87.21 12.82 0.64 

W11 201.9 215 11.72 86.53 13.54 0.49 

W12 202.1 215 11.5 87.21 14.25 0.69 

The cores were assumed to be from the same chunk of rock therefore they have similar 

petrophysical properties. Therefore the absolute permeability of two cores after flooding with 

Xanthan polymer was measured. The table 4.2 shows the results. 

  

Table 4-2: Absolute Permeability data of cores measured after saturating with synthetic brine and 

Xanthan polymer solution 

CORE NAME ABSOLUTE PERMEABILITY (mD) 

W11 1.83 

W12 1.69 
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An increase in absolute permeability was observed after the cores where flooded with Xanthan 

polymer. Xanthan gum polymer which is a disproportionate permeability reducer when injected 

into the pore spaces of rock is said to adsorb on the surface of the core, forming a thin layer of 

film which reduces the surface area available for fluids to flow. From equation 3.5, the specific 

surface area is inversely proportional to absolute permeability. Thus a reduction in specific 

surface area to flow will result to an increase in absolute permeability. 

Table 4-3: Specific surface area of the core saturated with brine 

CORES SPECIFIC SURFACE 

AREA PER UNIT 

BULK VOLUME 

Sb(cm
2
/cm

3
) 

SPECIFIC SURFACE 

AREA PER UNIT 

PORE VOLUME, 

SP(cm
2
/cm

3
) 

SPECIFIC 

SURFACE AREA 

PER UNIT MASS 

Sm (cm
2
/g) 

MEAN 

HYDRAULIC 

RADIUS, rm 

(cm
2
) 

WII 10,130 74,830 4261 134E-07 

W12 7866 61,360 3305 163E-07 

  

Table 4-4: Specific surface area of core saturated with polymer and synthetic brine 

CORES SPECIFIC SURFACE 

AREA PER UNIT 

BULK VOLUME 

Sb(cm
2
/cm

3
) 

SPECIFIC 

SURFACE AREA 

PER UNIT PORE 

VOLUME, SP 

(cm
2
/cm

3
) 

SPECIFIC 

SURFACE 

AREA PER 

UNIT MASS Sm 

(cm
2
/g) 

MEAN 

HYDRAULIC 

RADIUS, rm 

(cm
2
) 

W11 5243 38,720 2205  258E-07 

W12 5026 39,210 2112 255E-07 

 

Comparing the results obtained in table 4-3 and 4-4, it could be seen that specific surface area 

per unit bulk volume is inversely proportional to the mean hydraulic radius. That is the lesser the 

specific surface area, the greater the area available for flow (mean hydraulic radius). This 
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reduction in specific surface area could be said to be as a result of the adsorption of the Xanthan 

polymer to the walls of the rock pore. 

4.1 BRINE PETROPHYSICAL PROPERTIES 

The equivalent sodium chloride method was used to estimate the salinity of the brine. The brine 

viscosity, density and pH were also calculated. Table 4-5 shows the results obtain 

Table 4-5: Brine Composition 

SALINITY DENSITY (g/cc) VISCOSITY (cP) pH 

184 +0.05g/l 1.118 +0.001 0.76 6.06 

 

4.2 POLYMER CHARACTERIZATION 

0.5g of Xanthan gum was gradually poured into a liter of synthetic brine and mixed properly to 

ensure total dispersion. The viscosity and other properties were measured at experimental 

temperature. Table 4-6 shows the results obtained.  

Table 4-6: Polymer Properties 

DENSITY (g/cc) VISCOSITY (cP) pH 

1.122 +0.001 2.08 5.26 

 

4.3 CAPILLARY PRESSURE MEASUREMENT 

4.3.1 Capillary Pressure Measurement of Cores Saturated with Synthetic Brine only 

The cores were saturated with synthetic brine in a vacuum oven for 24hours. The saturation of 

the cores was confirmed using equation 3.16. The following are the measurement details: 

Dry weight of Core = 201.3g 
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Wet weight of Core = 214g 

36.11
118.1

3.201214



pV  

%100100
36.11

36.11
wS  

With the saturation of the core confirmed, the core was placed in the core holder. With the cap 

properly sealed, desaturated nitrogen gas was injected into the core. The displaced brine was 

collected in a graduated cylinder. From this, the saturation at each incremental pressure was 

calculated and recorded. Brook and Corey’s equation was used to calculate effective saturation. 

With this a log-log plot of pressure and effective water saturation was made, the pore size 

distribution index and the threshold or displacement pressure was estimated. Table 4-7 and Fig 

4.1shows the result and graph obtain. 

Table 4-7: Capillary pressure and water saturation data (includes extrapolated data) 

Pc (psi) Sw (%) Se Log Se Log Pc 

50 70.1 0.19 -0.71 1.70 

80 69.1 0.17 -0.78 1.90 

150 67.7 0.13 -0.89 2.18 

200 67.1 0.11 -0.95 2.30 

220 66.9 0.11 -0.97 2.34 

250 66.6 0.10 -1.00 2.40 

300 66.2 0.09 -1.05 2.48 

320 66.1 0.09 -1.07 2.51 

350 65.9 0.08 -1.09 2.54 
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400 65.6 0.07 -1.14 2.60 

450 65.3 0.07 -1.18 2.65 

500 65.1 0.06 -1.22 2.70 

550 64.9 0.05 -1.27 2.74 

600 64.7 0.05 -1.31 2.78 

650 64.5 0.04 -1.35 2.81 

700 64.4 0.04 -1.40 2.85 

750 64.2 0.04 -1.44 2.88 

800 64.1 0.03 -1.49 2.90 

850 64.0 0.03 -1.54 2.93 

900 63.8 0.03 -1.60 2.95 

950 63.7 0.02 -1.66 2.98 

1000 63.6 0.02 -1.72 3.00 

1050 63.5 0.02 -1.79 3.02 

1100 63.4 0.01 -1.87 3.04 

1150 63.3 0.01 -1.963 3.06 

1200 63.2 0.01 -2.076 3.08 

1250 63.1 0.01 -2.222 3.11 

1300 63.0 0.003 -2.433 3.11 
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1350 63.0 0.003 -2.830 3.13 

1400 62.9 0 0 3.15 

 

 

Figure 4.1:  Drainage Capillary Pressure Curve 
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Figure 4.2: log-log Plot of capillary pressure against effective saturation (experimental data) 

  

The pore size distribution index and the displacement pressure can be estimate from the graph 

shown in fig 4.2: 

Taking the logarithm of both sides of the equation 2.48, we have 

edc SPP log
1

loglog


          4.1 

The graph of log cP  versus log eS will have a slope =


1
 , therefore 413.0

4222.2

1
 . 

0037.0log dP , therefore the displacement pressure 01.1dP psi 

4.3.2 Relative Permeability of Core saturated with Synthetic Brine only 

The relative permeability data obtained are shown in table 4-8 

Table 4-8: Relative permeability data gotten from Brook and Corey’s equation 

Pc Se Krw Krg 

50 0.19 267E-08 0.648 

y = -2.4222x + 0.0037 
R² = 0.9936 
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80 0.17 806E-09 0.694 

150 0.13 114E-09 0.756 

200 0.11 385E-10 0.786 

220 0.11 259E-10 0.796 

250 0.10 147E-10 0.809 

300 0.09 608E-11 0.829 

320 0.09 434E-11 0.836 

350 0.08 264E-11 0.845 

400 0.07 119E-11 0.859 

450 0.07 543E-12 0.873 

500 0.06 251E-12 0.884 

550 0.05 116E-12 0.895 

600 0.05 534E-13 0.904 

650 0.04 242E-13 0.913 

700 0.04 108E-13 0.922 

750 0.04 467E-14 0.929 

800 0.03 195E-14 0.936 

850 0.03 779E-15 0.943 

900 0.03 293E-15 0.950 
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950 0.02 102E-15 0.956 

1000 0.02 325E-16 0.962 

1050 0.02 907E-17 0.968 

1100 0.01 214E-17 0.973 

1150 0.01 397E-18 0.978 

1200 0.01 514E-19 0.983 

1250 0.01 368E-20 0.988 

1300 0.003 825E-22 0.993 

1350 0.003 631E-25 0.997 

1400 0 0 1 

 

The relative permeability of the wetting phase and the non-wetting phase (water and gas) can be 

calculated using the Brooks and Corey’s model stated in equation 2.42 and 2.43. With this 

equation a graph of water and oil relative permeability was obtained. The results gotten are 

shown in figure 4.3 and 4.4: 
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Figure 4.3: Gas Relative permeability 

  

 

Figure 4.4: water relative permeability   

According to reservoir engineering standard, the relative permeability of gas and water are 

usually plotted in one graph sheet as shown in figure 2.16 but due to very large scaling 

differences, the water relative permeability could not be plotted together with oil relative 

permeability and thus was plotted on separated graph which also had a good fit (Goda & 

Behrenbruch, 2004).  
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4.3.3 Capillary Pressure Measurement of Core Saturated with Synthetic Brine and Polymer 

Solution  

Capillary pressure measurement was carried out on the core after it has been saturated for 24 

hours with brine and polymer solution. Table 4-9 shows the results:   

Table 4-9: Capillary Pressure and Saturation Data of Core 

Pc (psi) Sw (%) Se Log Se Log Pc 

50 91.4 0.80 -0.10 1.69 

100 84.2 0.63 -0.20 2.00 

150 80.0 0.54 -0.27 2.18 

200 77.0 0.47 -0.33 2.30 

220 76.0 0.44 -0.35 2.34 

250 74.7 0.41 -0.38 2.39 

300 72.8 0.37 -0.43 2.48 

320 72.2 0.35 -0.45 2.51 

350 71.2 0.33 -0.48 2.54 

400 69.8 0.30 -0.52 2.60 

450 68.6 0.27 -0.57 2.65 

500 67.5 0.25 -0.61 2.69 

550 66.5 0.22 -0.65 2.74 

600 65.6 0.20 -0.69 2.78 

650 64.8 0.18 -0.74 2.81 
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700 64.0 0.167 -0.78 2.85 

750 63.3 0.15 -0.83 2.88 

800 62.7 0.13 -0.87 2.90 

850 62.0 0.12 -0.92 2.93 

900 61.4 0.11 -0.98 2.95 

950 60.9 0.09 -1.04 2.98 

1000 60.3 0.08 -1.10 3.00 

1050 59.8 0.07 -1.17 3.02 

1100 59.4 0.06 -1.24 3.04 

1150 58.9 0.05 -1.33 3.06 

1200 58.5 0.04 -1.44 3.08 

1250 58.0 0.03 -1.58 3.09 

1300 57.6 0.02 -1.77 3.11 

1350 57.2 0.01 -2.11 3.13 

1400 56.9 0 0 3.15 

From this data a capillary pressure curve and log-log plot of effective saturation and capillary 

pressure were made. Fig 4.5 – 4.6 shows the plots obtained: 
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Figure 4.5: Drainage Capillary Pressure Curve 

 

 
  

 

Figure 4.6: log-log Plot of capillary pressure against effective saturation (experimental data) 
 

The next step after obtaining the drainage capillary pressure was to obtain the pore size 

distribution index. Applying equation 4.1, a pore size distribution index of 0.465 and a 

displacement pressure of 38.2psi was obtained from the graph shown in fig 4.6.  
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The pore size distribution index determines the shape of the capillary pressure curve. Fig 4.7 

shows a graph of the capillary pressure curve obtained for both set of experiment and from 

observation an increase in pore size distribution index from 0.412 to 0.465 initiated a change in 

the curve (a shift to the right) (E. R. (Ross) Crain) 

 

Figure 4.7: Capillary pressure curve of Cores saturated with only brine and with both brine and 

polymer 

 

4.3.4 Relative Permeability of core saturated with polymer and Brine 

The relative permeability of water and gas thus calculated are shown in Table 4-10 below: 

Table 4-10: Relative Permeability of Water and Gas Data 

Pc Se Krw Krg 

50 0.80 190E-03 0.03 
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220 0.44 300E-05 0.31 

250 0.41 200E-05 0.34 

300 0.37 700E-06 0.39 

320 0.35 500E-06 0.42 

350 0.33 300E-06 0.44 

400 0.30 200E-06 0.49 

450 0.27 743E-07 0.53 

500 0.25 364E-07 0.57 

550 0.22 178E-07 0.60 

600 0.20 871E-08 0.64 

650 0.18 420E-08 0.67 

700 0.17 199E-08 0.69 

750 0.15 923E-09 0.72 

800 0.13 414E-09 0.75 

850 0.12 178E-09 0.78 

900 0.11 727E-10 0.80 

950 0.09 278E-10 0.82 

1000 0.08 974E-11 0.85 

1050 0.07 306E-11 0.87 
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1100 0.06 826E-12 0.89 

1150 0.05 181E-12 0.91 

1200 0.04 293E-13 0.93 

1250 0.03 289E-13 0.95 

1300 0.02 112E-15 0.97 

1350 0.01 396E-18 0.98 

1400 0 0 1 

 

Fig 4.8 shows the relative permeability curve of water and oil obtained using equation 2.42 and 

2.43 

 

 

Figure 4.8: Relative permeability of oil and water 
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4.4 PORE SIZE DISTRIBUTION 

This is the quantitative measure of the range of pore sizes in a porous medium. A plot of the pore 

size distribution versus the pore radius (using data in Table 4-11) will enable the effect of the 

Xanthan gum polymer to be effectively characterised. Since the polymer forms thin layer films 

on the walls of the rock formation more of the smaller pore will be expected for cores saturated 

with synthetic brine and polymer. Figure 4.9 below compares the pore size distribution for cores 

saturated with only brine and those saturated with polymer solution. Cores W12 and W9 were 

saturated with polymer solution while W9’ was saturated with brine.  

Table 4-11: Pore Size Distribution Data 

D(r)W12(m2) D(r)W9(m2) D(r)W9’(m2) r (m) 

0.046 0.029 0.003 2.92 

0.100 0.043 0.004 1.46 

1.159 0.085 0.008 0.973 

0.220 0.131 0.011 0.73 

0.245 0.145 0.012 0.664 

0.283 0.167 0.014 0.584 

0.348 0.205 0.017 0.487 

0.375 0.220 0.018 0.456 

0.416 0.243 0.010 0.417 

0.484 0.283 0.022 0.365 

0.555 0.322 0.025 0.324 

0.626 0.363 0.028 0.292 
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0.699 0.404 0.031 0.265 

0.773 0.445 0.034 0.243 

0.848 0.487 0.037 0.225 

0.925 0.529 0.040 0.209 

1.002 0.572 0.043 0.195 

1.080 0.615 0.046 0.183 

1.159 0.659 0.049 0.172 

1.239 0.703 0.052 0.162 

1.320 0.747 0.055 0.154 

1.402 0.792 0.058 0.146 

1.484 0.837 0.061 0.139 

1.568 0.882 0.064 0.133 

1.652 0.887 0.067 0.127 

1.736 0.931 0.070 0.122 

1.822 0.976 0.073 0.117 

1.908 1.020 0.076 0.112 

1.995 1.1065 0.079 0.108 

2.083 1.110 0.082 0.104 
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Figure 4.9: Pore size distribution versus pore radius 

  

4.5 DISCUSSION 

From previous researches, the effect of the Disproportionate Permeability Reducers or Relative 

Permeability Modifiers has been characterized by measuring the changes in relative permeability 

before and after the polymer treatment. With the help of Brook and Corey’s model, the relative 

permeability of the saturated cores was calculated and the plot obtain was similar to the normal 

expected plots if the relative permeability was to be measure experimentally. 

 An increase in absolute and relative permeability was observed for core saturated with polymer 

solution. Absolute permeability is a rock characteristic and does not depend on the nature of fluid 

(Goda & Behrenbruch, 2004). Kozeny’s (Marshall, 1985) gives an inversely proportionate 

relationship between specific surface area per unit bulk volume and absolute permeability. 

Relative permeability reducers are said to adsorb to the walls of the pore thus forming thin film 

layers. The effect of this film will be greatly felt on the smaller pores. Due to the smaller pore 

further reduced, more surface area will be created and available for flow of fluids (nonwetting 

fluids). To validate this finding, the mean hydraulic radius was determined (Donaldson & Alam, 

2008). The polymer and synthetic brine saturated core was observed to have a higher mean 

hydraulic radius signifying an increase in the surface area available for flow. 
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Comparing the displacement pressure estimated for cores with only brine with that saturated with 

polymer and brine solution, an increase in the displacement pressure was observed.  Bloomfield 

et al (2001) wrote that the head required to push a nonwetting phase through a pore scales as a 

function of the inverse of the radius of the throat. The nonwetting phase are said to occupy the 

largest pores in the core. The more water wet a rock is, the more will be the displacement 

pressure needed for the nonwetting phase to enter into the largest pore and thus displace water. 

That is more work will be required for a non-wetting phase to displace the wetting fluid 

(Anderson, 1987).  According to Sanni Olatunde (2013) who performed an experiment to study 

the effect of DPRs (Xanthan) on spontaneous imbibition of water into Wallace sandstone so as to 

study the thermodynamic property of the polymer, discovered that the polymer enhanced the 

production of oil by changing the wettability of the core from neutral wetting to strongly water 

wetting. This change was observed from the Amott-Harvey wettability index measurement of the 

cores made. The polymer adsorbs to the walls of the rock creating a thin layer on the rock 

surface. This layers formed hinders the flow of water as water will be forced to flow through the 

thin film layers thus reducing water mobility. Therefore, more water will be retained in the 

smaller pores (low attractive forces of water molecules). This could be said to be as a result of 

the Xanthan gum interaction with the rock surface which altered the rock’s wettability. This 

therefore validates the reason for an increase in the displacement pressure observed. 

 An increase in pore size distribution index was observed for the cores saturated with synthetic 

brine and polymer. Crain E.R (E. R. (Ross) Crain)in his book wrote that the pore size distribution 

index increases with smaller grain sizes, low porosity and permeability. These effect causes a 

shift in the capillary pressure curve to the right and upwards. The capillary curve becomes 

straight as the permeability decreases. Comparing the capillary pressure curve of figure 4.8 

shows the change of curve as a result of an increase in pore size distribution index. Also Kewen 

Li, (2004) wrote that the smaller the pore size distribution index, the less heterogeneous the 

formation. 

A pore size distribution plot was obtained (Fig 4.9). From this it could be seen that the cores 

saturated with polymer solution had smaller pore size distribution as compared to that saturated 

with only synthetic brine. This shows that the smaller pores have wider distributions than the 

larger ones. Therefore there is less variation in the pore geometry (heterogeneity) 
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4.6 LIMITATIONS 

 The maximum pressure that can be applied to the capillary pressure unit was 200psi. 

With this pressure a good drainage curve cannot be obtained thus the need for 

extrapolations. 

 Insufficient time available to allow displacement to get to an equilibrium point 
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CHAPTER FIVE 

 

CONCLUSION 

A sedimentary rock has more of the smaller pores as a result of compaction and overburden 

stresses. They are also less water wetting or neutral wetting. This result to an increase in the 

water cut during waterflooding as water tends to flow more than oil. With the discovery of 

Disproportionate Permeability Reducers, fractional water flow has been greatly dealt with. Other 

researchers have been able to quantify the effect of these polymers by measuring the relative and 

absolute permeability before and after the polymer treatment. This study set out to 

petrophysically characterizes the effect of this polymer by measuring the drainage capillary 

pressure. In this study, the capillary pressure data was also used to establish water and gas 

relative permeability. With the results obtained, the following conclusions can be said: 

 The pore size distribution reveals that smaller pore sizes are the most abundant in the 

core after treatment with polymer solution. This agrees with researchers proposed 

mechanism of the disproportionate permeability reducers. 

 The relative permeability plot obtained from the capillary pressure data shows similar 

shape and pattern with those obtained by other researchers. 

 The displacement or entry pressure and pore size index of Wallace sandstone was 

obtained. This agrees with the expected range of pore size distribution index obtained by 

different researcher for other formations. 

 The result of this project supports the inversely proportionate relationship between 

absolute permeability, hydraulic mean radius and specific surface area. 

 The result also gives evidence that the disproportionate permeability reducers interacts 

with the rock formation and thus alters the wettability. 
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APPENDIX A: EXTRAPOLATION OF CAPILLARY PRESSURE EXPERIMENTAL 

DATA 

Due to the limitation of the Gravimetric Capillary Pressure System (TGC-764),  the capillary 

pressure experimental data was fitted into an exponential curve so as to be able to obtain the 

saturation deviation curve ( cw PS  ) and also to be able to get more points to obtain a better 

curve (extrapolation). Table A-1 – A-3 and figure A-1 - A-3 are experimental data and plot of the 

capillary pressure measurement. 

Table A-1: Capillary Pressure Experimental Data for Second Core Saturated With Polymer 

Solution 

Capillary Pressure (psi) Saturation (%) 

11 91.2 

25 85.9 

50 82.4 

100 73.6 

150 72.5 

 

Table A-2: Capillary Pressure Experimental Data for Core W9 Saturated With Only Brine 

Capillary pressure (psi) Saturation (%) 

50 70.1 

80 69.2 

150 68.3 

200 67.0 

  

Table A-3: Capillary Pressure Experimental Data for Core W12 saturated with polymer solution 

Capillary Pressure (psi) Saturation (%) 

50 91.3 

100 83.5 

150 81.3 

200 76.5 
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Figure A.1: Drainage capillary pressure curve for second core saturated in polymer 

 

 

Figure A.2: Drainage capillary pressure curve for second core saturated in polymer 
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Figure A.3: Capillary Pressure Curves for core saturated in brine 

 

Therefore with the equation gotten from the graph, more pressure and saturation point was 

estimated as the curve fitted into the exponential curve Appendix B contains the extrapolated 

data obtained. 
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APPENDIX B: CAPILLARY PRESSURE DATA FOR THE SECOND CORE 

SATURATED WITH SYNTHETIC BRINE AND POLYMER SOLUTION. 

Table A-2 Capillary Pressure measurement for second core saturated in polymer and synthetic 

brine solution 

Pc Sw (%) Se Log Pc Log Se 

50 82.4 0.60 1.69 -0.22 

100 73.6 0.40 2.00 -0.39 

150 72.5 0.38 2.18 -0.42 

200 71.2 0.35 2.30 -0.46 

220 70.5 0.33 2.34 -0.48 

250 69.5 0.31 2.39 -0.51 

300 68.1 0.28 2.48 -0.56 

320 67.6 0.27 2.50 -0.57 

350 66.9 0.25 2.54 -0.60 

400 65.9 0.23 2.60 -0.64 

450 65.0 0.21 2.65 -0.68 

500 64.1 0.19 2.69 -0.72 

550 63.4 0.17 2.74 -0.76 

600 62.7 0.16 2.78 -0.80 

650 62.1 0.14 2.81 -0.85 

700 61.5 0.13 2.85 -0.87 
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750 61.0 0.12 2.88 -0.93 

800 60.5 0.11 2.93 -0.97 

850 60 0.10 2.93 -1.02 

900 59.6 0.09 2.95 -1.07 

950 59.2 0.08 2.98 -1.12 

1000 58.8 0.07 3.00 -1.17 

1050 58.4 0.06 3.02 -1.23 

1100 58.0 0.05 3.04 -1.29 

1150 57.3 0.03 3.06 -1.47 

1200 57.0 0.02 3.07 -1.57 

1250 56.7 0.01 3.09 -1.71 

1300 56.4 0.01 3.11 -1.89 

1350 56.1 0.006 3.13 -2.21 

1400 55.8 0 3.15 0 

 

With these data, the drainage capillary pressure curve and log-log was made. They are 

represented below in Fig B-4 and B-5 
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Figure B.4: drainage Capillary Pressure curve 

 

 

Figure B.5: log-log plot of pressure and effective saturation 
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APPENDIX C: RELATIVE PERMEABILITY OF SECOND CORE ESTIMATED FROM 

BROOK’S AND COREY’S MODEL 

Table B.3: Relative Permeability Data 

Pc Se Krw Krg 

11 0.800 177E-03 0.029 

25 0.681 490E-04 0.091 

50 0.602 190E-04 0.115 

100 0.403 800E-06 0.355 

150 0.378 500E-06 0.386 

200 0.349 300E-06 0.423 

220 0.333 200E-06 0.445 

250 0.310 100E-06 0.475 

300 0.278 464E-07 0.521 

320 0.267 336E-07 0.537 

350 0.251 209E-07 0.560 

400 0.228 978E-08 0.596 

450 0.207 467E-08 0.628 

500 0.187 226E-08 0.658 

550 0.172 110E-08 0.683 

600 0.157 533E-09 0.712 
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650 0.143 257E-09 0.735 

700 0.130 122E-09 0.757 

750 0.118 572E-10 0.778 

800 0.107 261E-10 0.798 

850 0.096 115E-10 0.817 

900 0.086 488E-11 0.835 

950 0.077 197E-11 0.853 

1000 0.068 743E-12 0.868 

1050 0.059 254E-12 0.885 

1100 0.051 814E-13 0.900 

1150 0.034 357E-14 0.933 

1200 0.027 528E-15 0.947 

1250 0.019 473E-16 0.961 

1300 0.013 168E-17 0.975 

1350 0.006 600E-20 0.988 

1400 0 0 1 

 

From these data a relative permeability plot was made as thus: 
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Figure C.6: Relative Permeability Curve 
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APPENDIX D: TABLE OF PORE SIZE DISTRIBUTION CALCULATION OF PC AS A 

FUNCTION OF SW 

Table D-4: Pore Size Distribution data 

D(ri) (m2) r (m) 

0.029 
2.92 

0.043 
1.46 

0.085 
0.973 

0.131 
0.73 

0.145 
0.664 

0.167 
0.584 

0.205 
0.487 

0.220 
0.456 

0.243 
0.417 

0.283 
0.365 

0.322 
0.324 

0.363 
0.292 

0.404 
0.265 

0.445 
0.243 

0.487 
0.225 

0.529 
0.209 
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0.572 
0.195 

0.615 
0.183 

0.659 
0.171 

0.703 
0.162 

0.747 
0.154 

0.792 
0.146 

0.837 
0.139 

0.882 
0.132 

0.887 
0.128 

0.931 
0.122 

0.976 
0.117 

1.020 
0.112 

1.1065 
0.108 

1.110 
0.104 
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Figure D.7: Pore Size Distribution 

 

The Pore radius, and saturation derivative was calculated using the equation below: 

cp
r

2
  

wS

c eEp
93.12

62


  

Differentiating Pc in as a function of Sw and taking the reciprocal we have: 

w

S

c

w

SE

e

P

S w

*93.12*62 2

93.12





 

)()(
c

wpc

r
P

S

r

VP
rD




  

 

 

 

 

y = 0.0932x-1.102 
R² = 0.9999 

0

0.2

0.4

0.6

0.8

1

1.2

0 2 4 6 8 10 12 14

p
o
re

 s
iz

e 
d
is

tr
ib

u
ti

o
n

 

pore radius 



 

103 
 

APPENDIX E: ASSUMPTIONS  

 Interfacial Tension,  = 73mN/m 

 Cos 1   

 All Wallace cores used for the experiments were all gotten from one chunk of rock 

formation therefore their petrophysical properties are approximately the same. 

 All experiment were done at experimental room temperature 

 The capillary tube bundle model was adopted  
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